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Overview

In a letter to the Chairman and CEO of the PJM Board of Managers, dated July 18, 2007,
the Maryland Public Service Commission requested that the PJM Board “authorize the
Market Monitoring Unit (‘MMU’) to assess the performance of wholesale markets in
Maryland during the wholesale power procurements for Standard Offer Service ("SOS’)
for the period beginning July 2006, and to examine market participant behavior in
Maryland’s wholesale power procurement to identify any behavior which may require
further investigation.” PIM responded by letter dated August 24, 2007, stating that “the
Board will direct the MMU to respond to your request.”

In 2007, ongoing disagreements between senior management at PJM and the MMU
about the definition of MMU independence were addressed in a FERC-mandated
settlement process. The issues were resolved in a settlement that was accepted by the
Commission on March 21, 2008.! This settlement removed the market monitoring
function from PJM Interconnection, L.L.C., and housed that function in a separate
corporation providing market monitoring services under a long-term contract. The
settlement also established the tools available to the MMU to carry out its core functions
and included revisions to the market monitoring plan intended to strengthen the
independence of the MMU and clarify its role.? The MMU became a separate entity,
organized as Monitoring Analytics, LLC, effective August 1, 2008. After August 1, 2008,
the MMU is also referred to as the Independent Market Monitor for PJM (IMM).

This report is the result of the MMU'’s investigation and analysis of the markets in
question during the 2005-2006, 2006-2007 planning periods and the June 1 through
December 31, 2007 portion of the 2007-2008 planning period. This analysis is limited to
an examination of PJM market structures, the behavior of participants that affected
Maryland results and the performance of the market to the extent it affects Maryland
load in the planning years in question. The MMU did not review the auction itself, nor
did it review the appropriateness of the auction results in the years in question. This
report covers each of the components of the PJM wholesale electricity market: energy,
ancillary, capacity (RPM) and FTR markets. This report also provides the all-in-costs of
wholesale electric service for each Maryland related zone by period.

L Organization of PJM States, Inc., et al. v. PJ]M, 122 FERC 461,257 (2008).

2 Attachment M of the PJM Open Access Transmission Tariff (“OATT”) constitutes the Market
Monitoring Plan.
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Standard Offer Service (SOS) Auctions

Maryland requires its utilities to use a competitive bidding process to buy electricity for
customers who do not choose an alternative electricity supplier.> Customers are charged
for this service, called Standard Offer Service (SOS), under rates approved by the
Maryland Public Service Commission. There are several service types available in the
SOS auctions: Residential, Type I (small commercial), Type II (medium commercial) and
Type III (large commercial and industrial). For each service type, the utility’s auction by
issuing requests for proposals (RFP) for full requirements contracts to serve each of the
identified customer classes and services. Subject to Maryland Public Service
Commission approved procurement methods, the utilities identify blocks of load for
competitive bilateral bids to supply SOS on a pay as bid basis. The utilities procure a
portfolio of wholesale supply contracts of staggered lengths.

3 The Electric Customer Choice and Competition Act of 1999 “directs the Commission to
designate a supplier in each electric utility company’s service territory to offer a supply
service called standard offer service. Standard offer service is a generation supply service
available to customers who do not choose a competitive electric supplier, or for those
customers who choose a competitive electric supplier but then, for whatever reason, end up
back on standard offer service. Pursuant to the Electric Choice Act, each investor-owned
electric utility company acted as the standard offer service provider within its own service
territory for a set period of time, and thereafter if the Commission extends the obligation. The
Commission has extended those obligations for all investor-owned utility companies.” Status
Report by the Public Service Commission of Maryland On Electricity Procurement and
Restructuring In Maryland, February 23, 2005, pg 2.
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Figure 1 PJM’s footprint and its zones
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Conclusions

This report assesses the competitiveness of the PJM wholesale markets, as they affected
Maryland, during the 2005-2006, 2006-2007 planning periods and the June 1 through
December 31, 2007 portion of the 2007-2008 planning period. This assessment includes
an examination of market structure, participant behavior and market performance. The
MMU did not directly assess the competitiveness of the SOS Auction results or the
auction design itself. The MMU did not examine the concentration of ownership of
generation sellers to SOS providers or the associated supply contracts because the MMU
did not have access to the data. Such an analysis would be a useful extension of this
report. This report was prepared by and represents the analysis of the MMU.

The MMU concludes that the results of the PJM wholesale power markets were
competitive, during the time periods reviewed. More specifically, the MMU concludes
that during the 2005-2006, 2006-2007 planning periods and the June 1 through December
31, 2007 portion of the 2007-2008 planning period:

e The Energy Market results were competitive, with the exception that units exempt
from offer capping can and did exercise market power at times that affected LMP in
Maryland zones. FERC’s decision to remove these exemptions from offer capping
effective May 17, 2008 resolved this issue;

e The Capacity Market results were competitive;

e The Regulation Market results cannot be determined to have been competitive or to
have been noncompetitive. The implementation of the three pivotal supplier test in
the Regulation Market effective January 1, 2008 addressed this issue;*

e The Synchronized Reserve Markets’ results were competitive; and

e The FTR Auction Market results were competitive.

4 The Regulation Market issues were addressed by the implementation of the three pivotal
supplier test effective January 1, 2008.
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All-in Price of Wholesale Power

The all-in price of wholesale power represents the total price, per MWh, of purchasing
wholesale electricity from PJM. It includes the per MWh price of energy, capacity,
ancillary services and uplift charges. The all-in price of wholesale energy also includes
the costs associated with congestion and marginal losses. The value of ARRs and FTRs
as hedges is shown as a per MWh credit. Table 1, Table 2 and Table 3 provide the all-in
price per MWh of wholesale power, by Maryland related zone for the 2005-2006, 2006-
2007 planning periods and the June 1, 2007 through December 31, 2007 portion of the
2007-2008 planning period.

AP, BGE, DPL and Pepco are all transmission zones related to Maryland. The all-in price
of wholesale power varies by zone. The area encompassed by the AP and DPL zones
extends beyond the borders of the state. The AP zone, for example, extends into
Pennsylvania, Ohio, West Virginia and Virginia. Load served in the AP, BGE and DPL
zones is settled at the AP, BGE and DPL zonal load weighted energy price. Load served
in the Pepco-MD aggregate is settled at the Pepco-MD aggregate load weighted energy
price which includes, for the most part, Pepco zone load buses within the state of
Maryland.

All non-point specific load within the AP zone, including that portion of AP load served
via the Maryland SOS auction, settles at AP zone load weighted energy prices, rather
than at the prices for the Maryland specific buses within the AP zone. The AP zonal
energy prices reflect system conditions within the entire AP zone. As the AP zone
includes buses on both sides of significant west to east transmission constraints, the AP
load weighted average energy price will tend to be lower than the load weighted
average price for the Maryland buses within the AP zone, as these buses are on the high
price side of these constraints. Assuming an efficient auction system, this difference in
the load weighted price of energy should be reflected in the SOS auction results for AP,
BGE, DPL and Pepco-MD.

Table 1 All-in price per MWh, by Maryland related zone: June 2005 through May
2006

APS BGE DPL Pepco MD

Energy $65.29 $78.99 $73.51 $81.91
Ancillary Service $1.55 $1.55 $1.55 $1.55
Capacity $0.02 $0.02 $0.02 $0.02
Operating Reserve Charges $0.44 $0.44 $0.44 $0.44
Total $67.29 $80.99 $75.51 $83.91
ARR Hedge ($0.68) ($0.82) ($0.94) ($0.68)
FTR Hedge ($11.85) ($0.45) ($0.14) ($0.39)
Hedged Total $54.76 $79.72 $74.44 $82.85
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Table 2 All-in price per MWh, by Maryland related zone: June 2006 through May 2007

APS BGE DPL Pepco MD

Energy $54.77 $66.42 $61.11 $69.30
Ancillary Service $1.40 $1.40 $1.40 $1.40
Capacity $0.03 $0.03 $0.03 $0.03
Operating Reserve Charges $0.24 $0.24 $0.24 $0.24
Total $56.44 $68.09 $62.78 $70.97
ARR Hedge ($1.36) ($1.74) ($0.99) ($1.66)
FTR Hedge ($11.51) ($0.11) ($0.36) ($0.09)
Hedged Total $43.58 $66.23 $61.43 $69.21

Table 3 All-in price per MWh, by Maryland related zone: June 2006 through May 2007

APS BGE DPL Pepco MD

Energy $62.86 $80.48 $73.13 $82.19
Ancillary Service $1.47 $1.47 $1.47 $1.47
Capacity $2.49 $10.25 $14.08 $10.12
Operating Reserve Charges $0.34 $0.34 $0.34 $0.34
Total $67.16 $92.54 $89.02 $94.12
ARR Hedge ($0.92) ($2.00) ($1.11) ($1.82)
FTR Hedge ($14.19) ($0.16) ($0.16) ($0.04)
Hedged Total $52.06 $90.38 $87.75 $92.26

Energy Market

The PJM Energy Market comprises all types of energy transactions, including the sale or
purchase of energy in PJM’s Day-Ahead and Real-Time Energy Markets, bilateral and
forward markets and self-supply. Energy transactions analyzed in this report include
those in the PJM Day-Ahead and Real-Time Energy Markets. These markets provide key
benchmarks against which market participants may measure results of transactions in
other markets.

The MMU analyzed measures of market structure, participant conduct and market
performance during the 2005-2006, 2006-2007 planning periods and the June 1 through
December 31, 2007 portion of the 2007-2008 planning period, including market size,
concentration, residual supply index, price-cost markup, net revenue and price. The
MMU concludes that the PJM Energy Market results were competitive, with the
exception that units exempt from offer capping can and did exercise market power at
times that affected LMP in Maryland zones in the 2005-2006, 2006-2007 and 2007-
through December 2007 planning periods. FERC’s decision to remove these exemptions
from offer capping in May of 2008 has resolved this issue.

PJM markets are designed to promote competitive outcomes derived from the
interaction of supply and demand in each of the PJM markets. Market design is the
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primary means of achieving and promoting competitive outcomes in PJM markets. One
of the MMU'’s primary goals is to identify actual or potential market design flaws.®
PJM’s market power mitigation goals have focused on market designs that promote
competition (a structural basis for competitive outcomes) and on limiting market power
mitigation to instances where the market structure is not competitive and thus where
market design alone cannot mitigate market power. In the PJM Energy Market, this
occurs in the case of local market power. When a transmission constraint creates the
potential for local market power, PJM applies a structural test to determine if the local
market is competitive, applies a behavioral test to determine if generator offers exceed
competitive levels and applies a market performance test to determine if such generator
offers would affect the market price.

Market Structure

The three pivotal supplier test is applied by PJM on an ongoing basis for local energy
markets in order to determine whether offer capping is required for constraints not
exempt from offer capping. This is a flexible, targeted real-time measure of market
structure which replaced the offer capping of all units required to relieve a constraint. A
generation owner or group of generation owners is pivotal for a local market if the
output of the owners’ generation facilities is required in order to relieve a transmission
constraint. When a generation owner or group of owners is pivotal, it has the ability to
increase the market price above the competitive level. The three pivotal supplier test, as
implemented, is consistent with the United States Federal Energy Regulatory
Commission’s (FERC’s) market power tests, encompassed under the delivered price test.
The three pivotal supplier test is an application of the delivered price test to both the
Real-Time Market and hourly Day-Ahead Market. The three pivotal supplier test
explicitly incorporates the impact of excess supply and implicitly accounts for the
impact of the price elasticity of demand in the market power tests.

The result of the introduction of the three pivotal supplier test was to limit offer capping
to times when the local market structure was noncompetitive and specific owners had
structural market power. The analysis of the application of the three pivotal supplier test
demonstrates that it is working successfully to offer cap owners only when the local
market structure is noncompetitive.

5 See PJM. “Open Access Transmission Tariff (OATT),” “Attachment M: Market Monitoring
Plan,” Third Revised Sheet No. 452 (Effective July 17, 2006).
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Local Market Structure and Offer Capping

PJM’s three pivotal supplier test represents the practical application of the FERC market
power tests in real time.® The three pivotal supplier test is passed if no three generation
suppliers in a load pocket are jointly pivotal. Stated another way, if the incremental
output of the three largest suppliers in a load pocket is removed and enough
incremental generation remains available to solve the incremental demand for constraint
relief, where the relevant competitive supply includes all incremental MW at a cost less
than, or equal, to 1.5 times the clearing price, then offer capping is suspended.

The three pivotal supplier test is applied by PJM on an ongoing basis in order to
determine whether offer capping is required to prevent the exercise of local market
power for any constraint not exempt from offer capping.

The MMU analyzed the results of the three pivotal supplier tests conducted by PJM for
the Real-Time Energy Market for the period 2006/2007 and the period 2007 through
December of 2007.7 Table 4 and Table 6 show the results of the three pivotal supplier
test for the top 15 constraints impacting the Maryland real-time load congestion costs,
for the period 2006/2007 and the period 2007 through December of 2007.% Overall, the
results confirm that the three pivotal supplier test results in offer capping when the local
market is structurally noncompetitive and does not result in offer capping when that is
not the case.” The number of hours in which one or more suppliers pass the three
pivotal supplier test and are exempt from offer capping increases as the number of
suppliers in the local market increases. Table 5 and Table 7 provide additional
information regarding each of the top fifteen constraints including the average MW
required to relieve a constraint, the average supply available, the average number of
owners included in each test and the average number of owners that passed or failed
each test, for the period 2006/2007 and the period 2007 through December of 2007.

6 See the 2007 State of the Market Report, Volume II, Appendix L, “Three Pivotal Supplier Test.”
7 The three pivotal supplier test was implemented in March of 2006.

8  Refer to congestion section of this document.

9 The three pivotal supplier test in the Real-Time Energy Market is applied by PJM as

necessary and may be applied multiple times within a single hour for a specific constraint.
Each application of the test is done in a five-minute interval.
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Table 4 Three pivotal supplier results summary for the top 15 constraints impacting
Maryland congestion costs: June 2006 through May 2007

Tests with Percent Tests  Tests with Percent Tests
Total One or More  with One or One or More  with One or

Tests Passing More Passing Failing  More Failing

Constraint Period  Applied Owners Owners Owners Owners
Bedington - Black Oak Peak 2,990 2,413 81% 962 32%
Offpeak 5,126 4,499 88% 1,219 24%

Cloverdale - Lexington Peak 1,766 1,209 68% 907 51%
Offpeak 7,291 4,855 67% 4,031 55%

Branchburg - Readington Peak 2,282 68 3% 2,248 99%
Off peak 698 25 4% 688 99%

Mount Storm - Pruntytown Peak 628 515 82% 199 32%
Offpeak 1,256 977 78% 509 41%

Bedington Peak 2,897 0 0% 2,897 100%
Off peak 687 0 0% 687 100%

AP South Peak 350 214 61% 178 51%
Off peak 184 106 58% 102 55%

Kammer Peak 922 779 84% 265 29%
Offpeak 1,203 958 80% 381 32%

Wylie Ridge Peak 1,326 856 65% 623 47%
Offpeak 1,712 1,277 0% 696 0%

Cedar Grove - Roseland Peak 660 67 10% 630 95%
Off peak 442 53 0% 416 0%

Brighton Peak 225 85 38% 159 71%
Off peak 79 72 91% 13 16%

Cedar Grove - Clifton Peak 865 88 10% 828 96%
Off peak 583 64 0% 566 0%

Loudoun - Morrisville Peak 370 206 56% 224 61%
Off peak 28 20 71% 13 46%

Meadow Brook Peak 3,644 0 0% 3,644 100%
Off peak 444 0 0% 444 100%

South Mahwah - Waldwick Peak 147 0 0% 147 100%
Off peak 53 0 0% 53 0%

Muskingum River - Ohio Central ~ Peak 157 0 0% 157 100%
Off peak 0 0 0% 0 0%
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Table 5 Three pivotal supplier test details for the top 15 constraints impacting
Maryland congestion costs: June 2006 through May 2007

Constraint
Bedington - Black Oak

Cloverdale - Lexington
Branchburg - Readington
Mount Storm - Pruntytown
Bedington

AP South

Kammer

Wylie Ridge

Cedar Grove - Roseland
Brighton

Cedar Grove - Clifton
Loudoun - Morrisville
Meadow Brook

South Mahwah - Waldwick

Muskingum River - Ohio Central

Average

Constraint

Relief

Period (MW)
Peak 58
Off peak 61
Peak 109
Off peak 97
Peak 29
Off peak 23
Peak 116
Off peak 125
Peak 40
Off peak 33
Peak 100
Off peak 76
Peak 95
Off peak 80
Peak 42
Off peak 45
Peak 48
Off peak 46
Peak 39
Off peak 27
Peak 35
Off peak 31
Peak 123
Off peak 99
Peak 44
Off peak 21
Peak 16
Off peak 13
Peak 45
Off peak 0

Average Average  Average
Effective  Average  Number  Number

Supply  Number  Owners  Owners
(MW)  Owners Passing Failing

229 12 9 3
245 11 9 2
336 17 10 6
276 14 8 6
68 4 0 3
81 4 0 3
398 13 10 3
376 11 8 3
4 2 0 2

7 2 0 2
17 17 10 7
17 16 9 7
356 19 15 4
305 16 12 4
123 14 11 4
150 16 11 5
119 8 1 7
118 8 1 7
68 12 5 7
132 18 17 2
112 6 1 6
116 6 0 6
283 23 12 11
280 21 14 7
1 1 0 1

1 1 0 1
18 3 0 3
27 3 0 3
36 2 0 2
0 0 0 0
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Table 6 Three pivotal supplier results summary for the top 15 constraints impacting
Maryland congestion costs: June 2007 through December 2007

Tests with Percent Tests  Tests with Percent Tests
Total One or More  with One or One or More  with One or

Tests Passing More Passing Failing  More Failing

Constraint Period  Applied Owners Owners Owners Owners
Bedington - Black Oak Peak 2,446 1,984 81% 808 33%
Offpeak 2,505 2,119 85% 778 31%

Cloverdale - Lexington Peak 836 640 7% 360 43%
Offpeak 3,951 2,777 70% 1,964 50%

Kammer Peak 860 779 91% 159 18%
Offpeak 1,516 1,295 85% 448 30%

Bedington Peak 1,727 4 0% 1,727 100%
Off peak 430 0 0% 430 100%

Elrama - Mitchell Peak 812 176 22% 773 95%
Offpeak 1,712 361 21% 1,634 95%

Branchburg - Readington Peak 580 96 17% 571 98%
Off peak 271 18 % 271 100%

AP South Peak 177 111 63% 85 48%
Off peak 49 34 69% 24 49%

Wylie Ridge Peak 650 265 41% 405 62%
Off peak 896 658 0% 337 0%

Doubs Peak 452 0 0% 452 100%
Off peak 7 0 0% 7 0%

Conastone Peak 202 117 58% 112 55%
Off peak 3 3 100% 0 0%

Brunner Island - Yorkana Peak 322 194 60% 189 59%
Off peak 230 105 0% 194 0%

Waugh Chapel Peak 40 0 0% 40 100%
Off peak 0 0 0% 0 0%

Keeney At5n Peak 124 16 13% 120 97%
Off peak 32 6 19% 29 91%

Atlantic - Larrabee Peak 134 85 26% 119 89%
Off peak 320 9 0% 320 0%

Mount Storm - Pruntytown Peak 78 64 82% 38 49%
Off peak 415 361 87% 109 26%

© Monitoring Analytics 2009 | www.monitoringanalytics.com 11



Table 7 Three pivotal supplier test details for the top 15 constraints impacting
Maryland congestion costs: June 2007 through December 2007

Average Average Average
Constraint  Effective  Average  Number

Relief Supply  Number  Owners

Constraint Period (MW) (MW)  Owners Passing
Bedington - Black Oak Peak 63 240 13 10 3
Off peak 66 247 11 9 2
Cloverdale - Lexington Peak 98 362 17 12 5
Off peak 99 294 14 9 6
Kammer Peak 82 373 20 18 2
Off peak 67 305 15 12 3
Bedington Peak 28 4 2 0 2
Off peak 29 5 2 0 2
Elrama - Mitchell Peak 27 68 5 1 4
Off peak 29 47 5 1 4
Branchburg - Readington Peak 23 41 4 0 4
Off peak 19 40 4 0 4
AP South Peak 103 19 17 10 7
Off peak 128 34 18 12 6
Wylie Ridge Peak 31 101 9 8 1
Off peak 58 186 16 12 4
Doubs Peak 25 3 3 0 3
Off peak 11 4 3 0 3
Conastone Peak 55 92 15 9 6
Off peak 25 106 18 18 0
Brunner Island - Yorkana Peak 28 74 12 8 4
Off peak 32 65 9 5 5
Waugh Chapel Peak 32 35 1 0 1
Off peak 0 0 0 0 0
Keeney At5n Peak 64 142 5 0 5
Off peak 42 154 5 1 4
Atlantic - Larrabee Peak 30 28 5 1 4
Off peak 35 36 3 0 3
Mount Storm - Pruntytown Peak 182 505 14 10 4
Off peak 106 395 12 9 2

Market Conduct — Unit Markup

The price-cost markup index is a measure of conduct or behavior by the owners of
generating units within the PJM footprint and not a measure of market impact. For
marginal units, the markup index is a measure of market power. For units not on the
margin, the markup index is a measure of the intent to exercise market power or, in
cases where the markup results in higher-priced units replacing lower-priced units in
the dispatch, also a measure of market power. A positive markup by marginal units
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results in a difference between the observed market price and the competitive market
price. The goal of the markup analysis is both to calculate the actual markups by
marginal units (market conduct) and to estimate the impact of those markups on the
difference between the observed market price and the competitive market price (market
impact or market performance). The results must be interpreted carefully, however,

because the impact assumes that the same units are marginal and the impact is not based
on a redispatch of the system.

Figure 2 shows the load-weighted, unit markup index for the PJM wholesale real time
energy market. The markup index for each marginal unit is calculated as (Price —
Cost)/Price. The markup index is normalized and can vary from -1.00 when the offer
price is less than marginal cost, to 1.00 when the offer price is higher than marginal cost.
This index calculation method weights the impact of individual unit markups using
sensitivity factors. In 2007, the annual average markup index was 0.09 with a maximum
of 0.22 in June and a minimum of 0.03 in January. The annual average markup index
was higher than in 2006. In 2006, the annual average markup index was 0.00 with a
maximum of 0.05 in February and a minimum of -0.02 in August.

Figure 2 Load-weighted unit markup index: Calendar years 2006 through 2007
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Market Performance — Markup

The markup index is a summary measure of the behavior or conduct of individual
marginal units. However the markup conduct measure does not explicitly capture the
impact of this behavior on market prices. As an example, if unit A has a $90 cost and a
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$100 price, while unit B has a $9 cost and a $10 price, both would show a markup of 10
percent, but the price impact of unit A’s markup at the generator bus would be $10
while the price impact of unit B’s markup at the generator bus would be $1. Depending
on each unit’s location on the transmission system, those bus-level impacts could also
translate to different impacts on total system price.

The MMU calculates the impact on system prices of marginal unit price-cost markup,
based on analysis using sensitivity factors. These measures include the impact of
markup on system prices and the impact of markup on zonal prices. In addition, the
impact of the markup of specific subsets of units on system and zonal prices is analyzed,
including units exempt from offer capping, units on high-load days and frequently
mitigated units.

In each case, the calculation shows the markup component of price based on a
comparison between the price-based offer and the cost-based offer of each actual
marginal unit on the system. The calculation is not based on a redispatch of the system
to determine the marginal units and their marginal costs that would have occurred if all
units had made all offers at marginal cost. Thus the results do not reflect a
counterfactual market outcome based on the assumption that all units made all offers at
marginal cost. It is important to note that a full redispatch analysis is practically
impossible and a limited redispatch analysis would not be dispositive. Nonetheless,
such a hypothetical counterfactual analysis would reveal the extent to which the actual
system dispatch is less than competitive if it showed a difference between dispatch
based on marginal cost and actual dispatch. It is possible that the unit-specific markup,
based on a redispatch analysis, would be lower than the markup component of price if
the reference point were an inframarginal unit with a lower price and a higher cost than
the actual marginal unit. If the actual marginal unit has marginal costs that would cause
it to be inframarginal, a new unit would be marginal. If the offer of that new unit were
greater than the cost of the original marginal unit, the markup impact would be lower
than the MMU measure. If the newly marginal unit is on a price-based schedule, the
analysis would have to capture the markup impact of that unit as well.

The MMU calculates explicit measures of the impact of marginal unit markups on LMP.
The price impact of markup must be interpreted carefully. The price impact is not based
on a full redispatch of the system, but such a full redispatch is practically impossible as
it would require reconsideration of all dispatch decisions and unit commitments. The
markup impact includes the maximum impact of the identified markup conduct on a
unit-by-unit basis, but the inclusion of negative markup impacts has an offsetting effect.
The markup analysis does not distinguish between intervals in which a unit has local
market power or has a price impact in an unconstrained interval. The markup analysis is
a more general measure of the competitiveness of the Energy Market.
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Since unit sensitivity factors are not available prior to 2006, the markup components
calculations of load weighted LMP are limited to three periods: January 1, 2006 to May
31, 2006; June 1, 2006 through May 31, 2007; and June 1, 2007 to December 31, 2007.

Markup Components

The price component measure uses load-weighted, price-based LMP and load-weighted
LMP computed using cost-based offers for all marginal units. The price component of
markup is computed by calculating the system and zonal prices, based on the price-
based offers of the marginal units and comparing that to the system and zonal prices,
based on the cost-based offers of the marginal units. These results are compared to the
actual system and zonal prices to determine how much of the LMP can be attributed to
markup. Note that markup on high-load days is likely to be the result of appropriate
scarcity pricing rather than market power. The price impact of markup must be
interpreted carefully. The markup impact includes the maximum impact of the
identified markup conduct on a unit-by-unit basis, but the inclusion of negative markup
impacts has an offsetting effect. The markup analysis does not distinguish between
intervals in which a unit has local market power or has a price impact in an
unconstrained interval.

Markup Components of Price: Summary Statistics

The following tables show the markup component of average prices and of average on-
peak and off-peak prices for the Pepco-MD aggregate, the AP, BGE and DPL zones, the
state of Maryland and the PJM system for each period: January 1, 2006 to May 31, 2006;
June 1, 2006 through May 31, 2007; and June 1, 2007 to December 31, 2007.

Table 8 Annual average markup component (Dollars per MWh): January 2006 through
May 2006

Markup Component Peak Markup Off-Peak Markup

(All Hours) Component Component
AP $0.25 $1.00 ($0.52)
BGE $0.78 $1.54 $0.01
DPL $0.27 $1.11 ($0.58)
Pepco-MD $1.03 $1.81 $0.25
Maryland $0.89 $1.66 $0.10
PJM $0.53 $1.41 ($0.38)
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Table 9 Annual average markup component (Dollars per MWh): June 2006 through
May 2007

Markup Component Peak Markup Off-Peak Markup

(All Hours) Component Component
AP $2.86 $4.69 $0.92
BGE $3.58 $5.98 $1.06
DPL $3.81 $6.51 $0.97
Pepco-MD $3.64 $6.08 $1.06
Maryland $3.78 $6.34 $1.08
PJM $3.28 $5.47 $0.93

Table 10 Annual average markup component (Dollars per MWh): June 2007 through
December 2007

Markup Component Peak Markup Off-Peak Markup

(All Hours) Component Component
AP $5.58 $7.78 $3.23
BGE $8.30 $11.59 $4.79
DPL $8.08 $11.40 $4.50
Pepco-MD $8.21 $11.30 $4.88
Maryland $8.04 $11.09 $4.77
PJM $6.55 $9.44 $3.43

Exempt Unit Markup

In its May 16, 2008, order, FERC granted the request to remove PJM’s market rule
provisions that exempt certain generation resources from energy offer price mitigation.
10 Exemptions were removed effective May 17, 2008. Prior to this order, and during the
time period examined in this study, PJM’s offer-capping rules provided that specific
units were exempt from offer capping, based on their date of construction. During 2005,
two orders issued by the FERC modified the rules governing exemptions from the offer-
capping rules. In the January 25, 2005, order, the FERC found “that the exemption for
post-1996 units from the offer-capping rules is unjust and unreasonable under section
206 of the Federal Power Act and that the just and reasonable practice under section 206
is to terminate the exemption, with provisions to grandfather units for which
construction commenced in reliance on the exemption.”" The FERC noted, however,
that grandfathered units would “still be subject to mitigation in the event that PJM or its

10 123 FERC ] 61,169 (2008)

11 110 FERC { 61,053 (2005).
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market monitor concludes that these units exercise significant market power.”'2 In the
July 5, 2005, order, the FERC modified the dates governing unit exemptions by zone.™
The effect of these orders was to reduce the number of units exempt from local market
power mitigation rules from 215 to 56 as of the end of 2005 and that number did not
change in 2006 or in 2007.

The MMU calculated the impact on system prices of exempt and non-exempt marginal
unit price-cost markup, based on analysis using sensitivity factors. Since unit sensitivity
factors are not available prior to 2006, the markup components calculations of load
weighted LMP are calculated for three periods: January 1, 2006 to May 31, 2006; June 1,
2006 through May 31, 2007; and June 1, 2007 to December 31, 2007. The tables in the
following sections compare the markup components of price of exempt and non-exempt
units by zone and period. This analysis does not address whether these units would
have been offer capped had they not been exempt and therefore does not address how
much the contribution to LMP would have changed if the exemption had been removed.
The markup analysis does not distinguish between intervals in which a unit has local
market power or has a price impact in an unconstrained interval. The markup analysis is
a more general measure of the competitiveness of the Energy Market.

Exempt units can and did exercise market power, at times, that would not have been
permitted if the units had not been exempt. Of the 56 generators that were exempt from
offer capping: 32 were marginal in the January 1, 2006 to May 31, 2006 period; 42 were
marginal in the June 1, 2006 through May 31, 2007 period; and 42 were marginal in the
June 1, 2007 to December 31, 2007 period. The average markup per exempt unit was
about four times higher than for non-exempt units, and the average markup for the top
eight exempt units was about 21 times higher than for non-exempt units. In all three
periods, exempt units contributed a disproportionate amount of markup related impacts
on LMP, relative to non-exempt units, in Maryland and Maryland related zones. For
example, in the June 1, 2006 through May 31, 2007 period the 42 marginal exempt units,
6 percent of the marginal units in the period, accounted for $1.29, 52 percent, of the total
markup component of LMP in the period. Based on these measures it can be concluded
that exempt units did exercise local market power in Maryland during the time periods
covered in this analysis. This issue has been resolved by FERC’s decision to remove the
exemptions from offer capping.

12110 FERC { 61,053 (2005).

13 112 FERC { 61,031 (2005).

© Monitoring Analytics 2009 | www.monitoringanalytics.com 17



Exempt Unit Markup: Summary Statistics

Table 11,Table 12 and Table 13 show the exempt and non-exempt markup component of
average prices for the Pepco-MD aggregate, the AP, BGE and DPL zones, the state of
Maryland and the PJM system for each period: January 1, 2006 to May 31, 2006; June 1,
2006 through May 31, 2007; and June 1, 2007 to December 31, 2007.

Table 11 Comparison of annual exempt and non-exempt markup component (Dollars

per MWh): January 2006 through May 2006

Exempt Non-exempt

Non-exempt
Unit Count

Markup Markup Exempt Unit

Component Component Count

AP $0.45 ($0.20) 32
BGE $0.78 $0.00 32
DPL $0.61 ($0.34) 32
Pepco-MD $0.88 $0.15 32
Maryland $0.85 $0.03 32
PJM $0.41 $0.12 32

474
474
474
474
474
474

Table 12 Comparison of annual exempt and non-exempt markup component (Dollars

per MWh): June 2006 through May 2007

Exempt Non-exempt
Markup Markup Exempt Unit

Component Component Count
AP $1.23 $1.63 42
BGE $0.99 $2.60 42
DPL $1.23 $2.58 42
Pepco-MD $1.13 $2.51 42
Maryland $1.29 $2.48 42
PIM $0.63 $2.65 42

Table 13 Comparison of annual exempt and non-exempt markup component (Dollars

per MWh): June 2007 through December 2007

Exempt Non-exempt
E Markup Exempt Unit

Component Component Count
AP $1.65 $3.93 42
BGE $3.08 $5.22 42
DPL $2.68 $5.40 42
Pepco-MD $3.30 $4.91 42
Maryland $3.16 $4.88 42
PJM $1.85 $4.70 42
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Frequently Mitigated Units and Associated Units — Cost Impact

In the second half of 2005, discussions were held regarding scarcity pricing and local
market power mitigation that led to a settlement agreement accepted by the FERC on
January 27, 2006.* The settlement agreement revised the definition of FMUs to provide
for a set of graduated adders associated with increasing levels of offer capping.’> Units
capped for 60 percent or more of their run hours and less than 70 percent are entitled to
an adder of either 10 percent of their cost-based offer or $20 per MWh. Units capped 70
percent or more of their run hours and less than 80 percent are entitled to an adder of
either 15 percent of their cost-based offer (not to exceed $40) or $30 per MWh. Units
capped 80 percent or more of their run hours are entitled to an adder of $40 per MWh or
the unit-specific, going-forward costs of the affected unit as a cost-based offer.!® These
categories are designated Tier 1, Tier 2 and Tier 3.

The settlement agreement further amended the OA to designate associated units (AUs),
also at the recommendation of the MMU. An AU is a unit that is electrically and
economically identical to an FMU, but does not qualify for the same adder based on its
offer capped hours. The settlement agreement provides for monthly designation of
FMUs and AUs, where a unit’s capping percentage is based on a rolling 12-month
average, effective with a one-month lag."”

For example, if a generating station had two identical units, one of which was offer
capped for more than 80 percent of its run hours, that unit would be designated a Tier 3
FMU. If the second unit were capped for 30 percent of its run hours, that unit would be
an AU and receive the same Tier 3 adder as the FMU at the site, to ensure that the
associated unit is not dispatched in place of the FMU, resulting in no effective adder for
the FMU. In the absence of the AU designation, the associated unit would be an FMU
after its dispatch and the FMU would be dispatched in its place after losing its FMU
designation.

As another example, if a generating station had two identical units, one of which was
offer capped for more than 80 percent of its run hours, that unit would be designated a

14114 FERC { 61, 076 (2006).

15 PJM Interconnection, L.L.C., Settlement Agreement, Docket Nos. EL03-236-006, EL04-121-000
(consolidated) (November 16, 2005).

16 OA, Fifth Revised Sheet No. 131B (Effective July 3, 2007).

17°OA, Fifth Revised Sheet No. 132 (Effective July 3, 2007). In 2007, the FERC approved OA
revisions to clarify the AU criteria.
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Tier 3 FMU. If the second unit were capped for 72 percent of its run hours, that unit
would be eligible for a Tier 2 FMU adder. However, the second unit is an AU to the first
unit and would, therefore, be eligible for the higher Tier 3 adder.

The following sections provide the impact of the offer-cap adders for frequently
mitigated units and associated units on LMP in each zone. The impact is calculated,
using sensitivity factors, by comparing the actual LMP to what the LMP would have
been in the absence of the FMU and AU adders. Since unit sensitivity factors do not exist
prior to 2006, the impact calculations are limited to three periods: January 1, 2006 to May
31, 2006; June 1, 2006 through May 31, 2007; and June 1, 2007 to December 31, 2007. The
zone impact analysis reflects where the price impact occurs, not the location of the FMUs
or AUs. The additional energy cost is the affected load multiplied by the locational price
impacts. The MMU calculates explicit measures of the impact of the FMU and AU
adders on LMP. The price impact must be interpreted carefully. The price impact
includes the maximum impact of the FMU and AU adders.

FMU and AU Cost Impact: Summary Statistics

The following tables provide the load weighted average impact of the offer-cap adders
for frequently mitigated units and associated units on LMP in the Pepco-MD aggregate,
the AP, BGE and DPL zones, the state of Maryland and the PJM system for each period:
January 1, 2006 to May 31, 2006; June 1, 2006 through May 31, 2007; and June 1, 2007 to
December 31, 2007.

Table 14 Annual cost impact of FMUs and AUs (Dollars per MWh): January 2006
through May 2006

FMU and AU

Marginal Energy Total Energy Cost LMP

Impacts (Millions) (Millions) Percent Impact

AP $1.65 $1,030.57 0.16% $0.08
BGE $4.95 $831.72 0.59% $0.37
DPL $0.75 $425.79 0.18% $0.10
Pepco-MD $0.09 $12.15 0.72%  $0.46
Maryland $10.08 $1,719.06 0.59% $0.37
PJM $33.17 $14,522.82 0.23% $0.12
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Table 15 Annual cost impact of FMUs and AUs (Dollars per MWh): June 2006 through
May 2007

FMU and AU

Marginal Energy Total Energy Cost LMP

Impacts (Millions) (Millions) Percent Impact

AP $26.81 $2,665.54 1.01% $0.55
BGE $32.71 $2,302.09 1.42% $0.94
DPL $9.75 $1,185.05 0.82% $0.50
Pepco-MD $0.56 $35.06 1.59% $1.10
Maryland $68.74 $4,808.39 1.43% $0.96
PIM $295.99 $39,443.83 0.75% $0.42

Table 16 Annual cost impact of FMUs and AUs (Dollars per MWh): June 2007 through
December 2007

FMU and AU

Marginal Energy Total Energy Cost LMP

Impacts (Millions) (Millions) Percent Impact

AP $25.81 $1,736.23 1.49% $0.93
BGE $29.45 $1,665.58 1.77% $1.42
DPL $9.70 $843.11 1.15% $0.84
Pepco-MD $0.47 $25.52 1.83% $1.51
Maryland $62.30 $3,441.06 1.81% $1.46
PIM $319.05 $27,294.90 1.17% $0.75

Market Performance: Load and LMP

The following section provides information on Maryland day ahead and real time load
and LMP. The Maryland state load and LMP reflect the configuration of the entire state.
The Maryland aggregate used to provide state specific day ahead and real time load and
LMP is comprised of those AP, BGE, DPL and Pepco-MD load buses that are physically
within the geographic boundaries of the state of Maryland. No load is actually settled at
a Maryland aggregate load weighted price.
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Load
Real-Time Load

Maryland real-time load is the total hourly real time accounting load for buses within
the state of Maryland.!8

Maryland Real-Time, Average Load

Table 17 presents summary real-time Maryland state load statistics for the three
planning periods: June 1, 2005 to May 31, 2006; June 1, 2006 to May 31, 2007; June 1, 2007
to December 31, 2007. This average load was based on the Maryland hourly accounting
load. Before June 1, 2007, transmission losses were included in accounting load. After
June 1, 2007, transmission losses were excluded from accounting load because of the
implementation of marginal loss pricing.

Table 17 Maryland state real-time average load: June 2005 through December 2007

Maryland Real-Time Load (MWh) Year-to-Year Change
Standard Standard
Planning Period Average  Median Deviation Average Median Deviation
Jun 1, 2005 - May 31, 2006 8,383 8,067 1,844 NA NA NA
Jun 1, 2006 - May 31, 2007 8,191 7,892 (2.3%) (2.2%) (2.9%)
Jun 1, 2007 - Dec 31, 2007 8,322 8,047 1.6% 2.0% 2.2%

Zonal Real-Time, Average Load

Table 18 presents zonal real-time average load for zones related to Maryland for the
three planning periods: June 1, 2005 to May 31, 2006; June 1, 2006 to May 31, 2007; June
1, 2007 to December 31, 2007.

Table 18 Zonal real-time average load (MWh): June 2005 through December 2007

Planning Period AP BGE DPL  Pepco-MD
Jun 1, 2005 - May 31, 2006 5799 3,989 2,235 56
Jun 1, 2006 - May 31, 2007 5555 3,957 2,214 58
Jun 1, 2007 - Dec 31, 2007 5377 4,029 2,244 60

18 See the 2007 State of the Market Report, Volume II, Appendix I, “Load Definitions,” for detailed
definitions of accounting load.
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Day-Ahead Load

In the PJM Day-Ahead Energy Market, three types of financially binding demand bids
are made and cleared:

e Fixed-Demand Bid. Bid to purchase a defined MWh level of energy, regardless of
LMP.

e DPrice-Sensitive Bid. Bid to purchase a defined MWh level of energy only up to a
specified LMP, above which the load bid is zero.

¢ Decrement Bid (DEC). Financial bid to purchase a defined MWh level of energy up
to a specified LMP, above which the bid is zero. A decrement bid is a financial bid
that can be submitted by any market participant.

Maryland state day-ahead load is the hourly total of the above three types of cleared
demand bids.
Maryland Day-Ahead, Average Load

Table 19 presents summary day-ahead load statistics for the three planning periods:
June 1, 2005 to May 31, 2006; June 1, 2006 to May 31, 2007; June 1, 2007 to December 31,
2007.

Table 19 Maryland state day-ahead average load: June 2005 through December 2007

Maryland Day-Ahead Load (MWh) Year-to-Year Change
Standard Standard
Planning Period Average  Median Deviation Average Median Deviation
Jun 1, 2005 - May 31, 2006 10,577 10,265 2,176 NA NA NA
Jun 1, 2006 - May 31, 2007 10,972 10,759 2,096 3.7% 48%  (3.7%)
Jun 1, 2007 - Dec 31, 2007 10,801 10,582 2173 (1.6%)  (1.6%) 3.7%

Zonal Day-Ahead, Average Load

Table 20 presents zonal day-ahead average load for zones related to Maryland for the
three planning periods: June 1, 2005 to May 31, 2006; June 1, 2006 to May 31, 2007; June
1, 2007 to December 31, 2007.

Table 20 Zonal day-ahead average load (MWh): June 2005 through December 2007

Planning Period AP BGE DPL Pepco-MD
Jun 1, 2005 - May 31, 2006 6,349 3,880 1,809 1,676
Jun 1, 2006 - May 31, 2007 6,079 4,118 2,078 1,785
Jun 1, 2007 - Dec 31, 2007 6,344 4,160 2,226 1,874
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Locational Marginal Price (LMP)

The conduct of individual market entities within a market structure is reflected in
market prices. The overall level of prices is a good general indicator of market

performance, although overall price results must be interpreted carefully because of the
multiple factors that affect them.?

Real-Time LMP

Maryland Real-time LMP is the state hourly LMP for the PJM Real-Time Energy Market.
Real-Time Average LMP

Maryland Real-Time, Average LMP

Table 21 shows the Maryland real-time, simple average LMP for the three planning

periods: June 1, 2005 to May 31, 2006; June 1, 2006 to May 31, 2007; June 1, 2007 to
December 31, 2007.

Table 21 Maryland real-time, simple average LMP (Dollars per MWh): June 2005
through December 2007

Real-Time LMP Year-to-Year Change

Jun 1, 2005 - May 31, 2006 $72.78 NA
Jun 1, 2006 - May 31, 2007 $60.24 (17.2%)
Jun 1, 2007 - Dec 31, 2007 $72.86 20.9%

Zonal Real-Time, Average LMP

Table 22 shows zonal real-time, simple average LMP related to Maryland for the three

planning periods: June 1, 2005 to May 31, 2006; June 1, 2006 to May 31, 2007; June 1, 2007
to December 31, 2007.

Table 22 Zonal real-time, simple average LMP (Dollars per MWh): June 2005 through
December 2007

Planning Period AP BGE DPL  Pepco-MD
Jun 1, 2005 - May 31, 2006 $60.97 $72.04  $67.37 $74.02
Jun 1, 2006 - May 31, 2007 $50.87 $60.09  $55.42 $61.63
Jun 1, 2007 - Dec 31, 2007 $58.50 $73.14  $67.09 $73.69

See the 2007 State of the Market Report, Volume II, Appendix C, “Energy Market,” for
methodological background, detailed price data and comparisons and Appendix H,
“Calculating Locational Marginal Price” for more information on how bus LMPs are
aggregated to system LMPs.
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Real-Time, Load-Weighted, Average LMP

Higher demand (load) generally results in higher prices, all else constant. As a result,
load-weighted, average prices are generally higher than simple average prices. Load-
weighted LMP reflects the average LMP paid for actual MWh consumed during a year.
Load-weighted, average LMP is the average of PJM hourly LMPs, each weighted by the
PJM total hourly load.

Maryland Real-Time, Load-Weighted, Average LMP

Table 23 shows the Maryland real-time, load-weighted, average LMP for the three
planning periods: June 1, 2005 to May 31, 2006; June 1, 2006 to May 31, 2007; June 1, 2007
to December 31, 2007.

Table 23 Maryland real-time, load-weighted, average LMP (Dollars per MWh): June
2005 through December 2007

Real-Time Load

Planning Priod Weighted LMP Year-to-Year Change
Jun 1, 2005 - May 31, 2006 $80.27 NA
Jun 1, 2006 - May 31, 2007 $67.01 (16.5%)
Jun 1, 2007 - Dec 31, 2007 $80.49 20.1%

Zonal Real-Time, Load-Weighted, Average LMP

Table 24 shows zonal real-time, load-weighted, average LMP related to Maryland for the
three planning periods: June 1, 2005 to May 31, 2006; June 1, 2006 to May 31, 2007; June
1, 2007 to December 31, 2007.

Table 24 Zonal real-time, load-weighted, average LMP (Dollars per MWh): June 2005
through December 2007

Planning Period AP BGE DPL  Pepco-MD
Jun 1, 2005 - May 31, 2006 $65.29 $78.99 $73.51 $81.91
Jun 1, 2006 - May 31, 2007 $54.77  $66.42  $61.11 $69.30
Jun 1, 2007 - Dec 31, 2007 $62.86  $80.48  $73.13 $82.19

Day-Ahead LMP

Maryland Day-ahead LMP is the hourly state LMP for the PJM Day-Ahead Energy
Market.
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Day-Ahead Average LMP
Maryland Day-Ahead, Annual Average LMP
Table 25 shows the Maryland day-ahead, simple average LMP for the three planning

periods: June 1, 2005 to May 31, 2006; June 1, 2006 to May 31, 2007; June 1, 2007 to
December 31, 2007.

Table 25 Maryland day-ahead, simple average LMP (Dollars per MWh): June 2005
through December 2007

Planning Period Day-Ahead LMP Year-to-Year Change
Jun 1, 2005 - May 31, 2006 $71.29 NA
Jun 1, 2006 - May 31, 2007 $58.09 (18.5%)
Jun 1, 2007 - Dec 31, 2007 $68.68 18.2%

Zonal Day-Ahead, Average LMP

Table 26 shows zonal day-ahead, simple average LMP for the zones related to Maryland
for the three planning periods: June 1, 2005 to May 31, 2006; June 1, 2006 to May 31, 2007;
June 1, 2007 to December 31, 2007.

Table 26 Zonal day-ahead, simple average LMP (Dollars per MWh): June 2005 through
December 2007

Planning Period AP BGE DPL Pepco-MD
Jun 1, 2005 - May 31, 2006 $59.93 $70.29 $68.16 $72.35
Jun 1, 2006 - May 31, 2007 $49.55 $57.58 $55.28 $59.43
Jun 1, 2007 - Dec 31, 2007 $55.73 $68.51 $64.24 $69.89

Day-Ahead, Load-Weighted, Average LMP

Day-ahead, load-weighted LMP reflects the average LMP paid for day-ahead demand
MWh cleared during a year. Day-ahead, load-weighted LMP is the average day-ahead
hourly LMPs, each weighted by the total cleared day-ahead hourly load, including day-
ahead fixed load, price-sensitive load and decrement bids.

Maryland Day-Ahead, Load-Weighted, Average LMP

Table 27 shows the Maryland day-ahead, load-weighted, average LMP for the three
planning periods: June 1, 2005 to May 31, 2006; June 1, 2006 to May 31, 2007; June 1, 2007
to December 31, 2007.
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Table 27 Maryland day-ahead, load-weighted, average LMP (Dollars per MWh): June
2005 through December 2007

Day-Ahead

Load-

Weighted
Planning Period LMP Year-to-Year Change
Jun 1, 2005 - May 31, 2006 $77.24 NA
Jun 1, 2006 - May 31, 2007 $63.00 (18.4%)
Jun 1, 2007 - Dec 31, 2007 $74.28 17.9%

Zonal Day-Ahead, Load-Weighted LMP

Table 28 shows zonal day-ahead, load-weighted, average LMPs for zones related to
Maryland for the three planning periods: June 1, 2005 to May 31, 2006; June 1, 2006 to
May 31, 2007; June 1, 2007 to December 31, 2007.

Table 28 Zonal day-ahead, load-weighted, average LMP (Dollars per MWh): June 2005
through December 2007

Planning Period AP BGE DPL  Pepco-MD
Jun 1, 2005 - May 31, 2006 $62.74  $76.58 $73.87 $79.67
Jun 1, 2006 - May 31, 2007 $52.40 $63.14 $61.04 $65.90
Jun 1, 2007 - Dec 31, 2007 $58.29  $74.33 $70.03 $76.17

Price Convergence

The PJM Day-Ahead Energy Market, introduced on June 1, 2000, includes the ability to
make increment offers (INC) and decrement bids (DEC) at any hub, transmission zone,
aggregate, or single bus for which LMP is calculated. Since increment offers and
decrement bids do not require physical generation or load, they are also referred to as
virtual offers and bids. When the PJM Day-Ahead Energy Market was introduced, it was
expected that competition, exercised substantially through the use of virtual offers and
bids, would cause prices in the Day-Ahead and Real-Time Energy Markets to converge.
Virtual offers and bids also provide participants the flexibility, for example, to cover one
side of a bilateral transaction, hedge day-ahead generator offers or demand bids, and
arbitrage day-ahead and real-time prices.

Maryland Price Convergence

Although the introduction of PJM Day-Ahead Energy Market and virtual offers and bids
was expected to cause prices in the Day-Ahead and Real-Time Energy Markets to
converge, price convergence does not necessarily mean a zero or even a very small
difference in prices between Day-Ahead and Real-Time Energy Markets. There may be
factors, from operating reserve charges to risk that result in a competitive, market-based
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differential. In addition, convergence cannot occur within any individual day as there is
at least a one-day lag after any change in system conditions. As a general matter, virtual
offers and bids are based on expectations about both Day-Ahead and Real-Time Market
conditions and reflects the uncertainty about conditions in both markets and the fact that
these conditions change hourly and daily. Substantial, virtual trading activity does not
guarantee that market power cannot be exercised in the Day-Ahead Energy Market.

Table 29 shows Maryland average day-ahead and real-time LMP for the three planning
periods: June 1, 2005 to May 31, 2006; June 1, 2006 to May 31, 2007; June 1, 2007 to
December 31, 2007.

Table 29 Day-Ahead and Real-Time Maryland LMP (Dollars per MWh): June 2005
through December 2007

Difference as Percent of

Planning Period Day Ahead Real Time Difference Real Time
Jun 1, 2005 - May 31, 2006 $71.29 $72.78 $1.49 2.0%
Jun 1, 2006 - May 31, 2007 $58.09 $60.24 $2.15 3.6%
Jun 1, 2007 - Dec 31, 2007 $68.68 $72.86 $4.18 5.7%

Zonal Price Convergence

Table 30, Table 31 and Table 32 show zonal day-ahead and real-time average LMP for
the zones related to Maryland for the three planning periods: June 1, 2005 to May 31,
2006; June 1, 2006 to May 31, 2007; June 1, 2007 to December 31, 2007.

Table 30 Zonal Day-Ahead and Real-Time Energy Market LMP (Dollars per MWh):
June 2005 through May 2006

Difference as Percent of

Day Ahead Real Time Difference Real Time
AP $59.93 $60.97 $1.04 1.7%
BGE $70.29 $72.04 $1.75 2.4%
DPL $68.16 $67.37 ($0.79) (1.2%)
Pepco-MD $72.35 $74.02 $1.67 2.3%

Table 31 Zonal Day-Ahead and Real-Time Energy Market LMP (Dollars per MWh):
June 2006 through May 2007

Difference as Percent of

Day Ahead Real Time Difference Real Time
AP $49.55 $50.87 $1.32 2.6%
BGE $57.58 $60.09 $2.51 4.2%
DPL $55.28 $55.42 $0.14 0.3%
Pepco-MD $59.43 $61.63 $2.20 3.6%
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Table 32 Zonal Day-Ahead and Real-Time Energy Market LMP (Dollars per MWh):
June 2007 through December 2007

Difference as Percent of

Day Ahead  Real Time  Difference Real Time
AP $55.73 $58.50 $2.77 4.7%
BGE $68.51 $73.14 $4.63 6.3%
DPL $64.24 $67.09 $2.85 4.2%
Pepco-MD $69.89 $73.69 $3.80 5.2%

Real-Time, Fuel-Cost-Adjusted, Load-Weighted LMP

Changes in LMP can result from changes in the marginal costs of marginal units, the
units setting LMP. In general, fuel costs make up between 80 percent and 90 percent of
marginal cost depending on generating technology, unit age and other factors. The
impact of fuel cost on marginal cost and on LMP depends on the fuel burned by
marginal units and changes in fuel costs.?® To account for the changes in fuel cost
between two given periods, for example between 2006 and 2007, the 2007 load-weighted
LMP is adjusted to reflect the change in the daily price of fuels used by marginal units
and the change in the amount of load affected by marginal units, using sensitivity
factors.!

The dominant fuels in PJM, coal declined in price in 2007 and natural gas increased in
price in 2007. In 2007, coal prices were 5.9 percent lower than in 2006. Natural gas prices
were 6.4 percent higher in 2007 than in 2006. No. 2 (light) oil prices were 9.7 percent
higher and No. 6 (heavy) oil prices were 18.4 percent higher in 2007 than in 2006.

Since September 2007, the prices for light oil and heavy oil had been higher than those
during the corresponding period in 2006. From September to December in 2007, coal
prices were 17.1 percent higher, natural gas prices were 12.3 percent higher, No. 2 (light)
oil prices were 38.2 percent and No. 6 (heavy) oil prices were 57.8 percent higher than
the corresponding fuel prices during the same months in 2006. Figure 3 shows average,
daily delivered coal, natural gas and oil prices for units within PJM.??

20 See the 2007 State of the Market Report, Volume II, Section 2,”Energy Market, Part 1,” at Table
2-32, “Type of fuel used by marginal units: Calendar years 2005 to 2007.”

2l For more information, see the 2007 State of the Market Report, Volume II, Appendix K,
“Calculation and Use of Generator Sensitivity Factors.”

22 Natural gas prices are the daily cash price for Transco-Z6 (non-New York) adjusted for

transportation to the burner tip. Light oil prices are the average of the daily price for No. 2
from the New York Harbor Spot Barge and from the Chicago pipeline and are adjusted for
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Figure 3 Spot average fuel price comparison: Calendar years 2006 through 2007
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Figure 4 shows average, daily settled prices for NOx and SO: emission within PJM. In
2007, NOx prices were 56.5 percent lower than in 2006. SO: prices were 28.6 percent
lower in 2007 than in 2006.

transportation. Heavy oil prices are a daily average of New York Harbor Spot Barge for 0.3
percent, 0.7 percent, 1.0 percent, 2.2 percent and 3.0 percent sulfur content. Coal prices are the
1.5 percent sulfur content per MBtu Central Appalachian coal, price-adjusted for
transportation. All fuel prices are from Platts.
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Figure 4 Spot average emission price comparison: Calendar years 2006 through 2007
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The fuel-adjusted load-weighted LMP was calculated for the following geographic
areas: Maryland, BGE, Pepco-MD, AP, DPL and PJM. Since unit sensitivity factors are
not available prior to 2006, the fuel-adjusted load weighted LMP analysis is limited to
three periods: January 1, 2006 to May 31, 2006; June 1, 2006 through May 31, 2007; and
June 1, 2007 to December 31, 2007. The results are shown by aggregate and planning
period in this section.

Fuel-Cost Adjusted, Load-Weighted LMP: Summary Statistics

Table 33 shows the Maryland related zonal real-time, load-weighted, average LMP for
the January 1, 2006 to May 31, 2006; June 1, 2006 to May 31, 2007; June 1, 2007 to
December 31, 2007 periods for which the sensitivity based analysis was performed.

Table 33 Zonal real-time, load-weighted, average LMP (Dollars per MWh): January,
2006 through May 2006; June 2006 through May 2007; June 2007 through December
2007

Planning Period AP BGE DPL  Pepco-MD
Jun 1, 2005 - May 31, 2006 $52.78  $62.25  $57.11 $64.13
Jun 1, 2006 - May 31, 2007 $54.77  $66.42  $61.11 $69.30
Jun 1, 2007 - Dec 31, 2007 $62.86  $80.48  $73.13 $82.19
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Table 34, Table 35 and Table 36 provide the fuel cost adjusted, load weighted LMP for
the Pepco-MD aggregate, the AP, BGE and DPL zones, the state of Maryland and the
PJM system for each of the January 1, 2006 to May 31, 2006; June 1, 2006 through May 31,
2007; and June 1, 2007 to December 31, 2007 periods.

Table 34 shows that the AP fuel-cost-adjusted, load-weighted, average LMP from
January 2006 through May 2006 was 10.7 percent higher than the load-weighted LMP in
2005 during the same period. If fuel costs for the January through May 2006 period had
been the same as for the January through May 2005 period, the AP January through May
2006 period load-weighted LMP would have been higher, $50.81 per MWh instead of
$52.78 per MWh.

Table 34 Period specific fuel-cost-adjusted, load-weighted LMP (Dollars per MWh):
January 2006 through May 2006

2006 Fuel-Cost-

2005 Load-  Adjusted, Load-
Weighted LMP Weighted LMP  Change

AP $45.88 $50.81 10.7%
BGE $51.49 $59.61 15.8%
DPL $52.93 $55.05 4.0%
Pepco-MD $51.70 $61.19 18.3%
Maryland $51.78 $59.76 15.4%
PJM $46.46 $50.71 9.2%

Table 35 shows that the AP fuel-cost-adjusted, load-weighted, average LMP from June
2006 through May 2007 was 4.1 percent lower than the load-weighted LMP from the
June 2005 to May 2006 period. If fuel costs for the June 2006 through May 2007 period
had been the same as for the June 2005 to May 2006 period, the AP June 2006 through
May 2007 period load-weighted LMP would have been higher, $62.60 per MWh instead
of $54.77 per MWh.

Table 35 Annual, fuel-cost-adjusted, load-weighted LMP (Dollars per MWh): June
2006 through May 2007

2006/2007 Fuel-Cost-

2005/2006 Load- Adjusted, Load-

Weighted LMP Weighted LMP
AP $65.29 $62.60 (4.1%)
BGE $78.99 $76.06 (3.7%)
DPL $73.51 $70.14 (4.6%)
Pepco-MD $81.08 $78.55 (3.1%)
Maryland $80.27 $76.54 (4.6%)
PJM $65.20 $65.03 (0.3%)
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Table 36 shows that the AP fuel-cost-adjusted, load-weighted, average LMP from June
2007 through December 2007 was 16 percent higher than the load-weighted LMP from
the June 2006 to December 2006 period. If fuel costs for the June 2007 through December
2007 period had been the same as for the June 2006 through December 2006 period, the
AP June 2007 through December 2007 period load weighted LMP would have been
lower, $59.85 per MWh instead of $62.86 per MWh.

Table 36 Annual, fuel-cost-adjusted, load-weighted LMP (Dollars per MWh): June
2007 through December 2007

2007 Fuel-Cost-

2006 Load-  Adjusted, Load-
Weighted LMP Weighted LMP  Change

AP $51.58 $59.85 16.0%
BGE $64.40 $76.23 18.4%
DPL $59.18 $69.37 17.2%
Pepco-MD $66.93 $77.41 15.7%
Maryland $65.15 $76.28 17.1%
PJM $53.84 $61.60 14.4%

Components of Load-Weighted, Average LMP

Observed LMPs result from the operation of a market based on security-constrained,
least-cost dispatch in which marginal units generally determine system LMPs, based on
their offers. Those offers can be decomposed into fuel costs, emission costs, variable
operation and maintenance costs and markup. As a result, it is possible to decompose
PJM system LMP using the components of unit offers and sensitivity factors.

Components of Load-Weighted, Average LMP: Summary Statistics

Table 37, Table 38 and Table 39 provide the fuel, VOM, emissions and mark-up related
components of the load weighted LMP for the Pepco-MD aggregate, the AP, BGE and
DPL zones, the state of Maryland and the PJM system for each of the January 1, 2006 to
May 31, 2006; June 1, 2006 through May 31, 2007; and June 1, 2007 to December 31, 2007
periods.
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Table 37 Components of annual, load-weighted, average LMP (Dollars per MWh):
January 2006 through May 2006

Constrained
Uranium  Wind S02 VOM  Markup off

AP $2542 $1306 $131 ($000) $0.00 $731 $242 $025  $191 $0.70 $040 $5278
BGE $2626 $1580 $365 ($000) $0.00 $741 $277 $078  $446 $074 $038 $62.25

DPL $26.48 $14.46 $2.01

($0.00) $0.00 $7.49 $257 $0.27 $276 $0.72 $0.34 $57.11
PeproMD  $2609 $16.18 $429 ($0.

($0

$0

00)
00) $0.00 $7.36 $285 $103 $508 $0.76 $053 $64.13
00)

$0.00 $742 $280 $0.89 $446 $0.74 $0.39 $62.45

Mayland ~ $26.22 $15.80 $3.74 )
00 $0.00 $7.07 $2383 $053 $260 $0.73 $0.31 $52.61

PIM $2493 $1253 $1.53

Table 38 Components of annual, load-weighted, average LMP (Dollars per MWh):
June 2006 through May 2007

Constrained
Ol Uranium  Wind S02 VOM  Markup Off

AP $1982 $1805 $436 $0.00 $0.02 $356 $360 $286 $0.07 $105 $1.38 $54.77
BGE $2184 $21.36 $7.04 ($0.00) $0.01 $401 $373 $358 $241 $151 $093 $66.42
DPL $2166 $1893 $6.03 ($0.00) $0.01 $402 $363 $381 $0.80 $143 $0.80 $61.11

PepcoMD  $2178 $21.98 $8.11 ($0.00) $0.01 $404 $378 $364 $287 $156 $152 $69.30

00)
Mayland ~ $21.68 $2158 $7.48 ($0.00) $0.01 $398 $382 $3.78 $235 $151 $0.83 $67.01
PIM $2058 $1824 $389 $0.00 $0.01 $389 $328 $328 $0.36 $1.36 $0.54 $5543

Table 39 Components of annual, load-weighted, average LMP (Dollars per MWh):
June 2007 through December 2007

Ol Uranium  Wind S2

AP $302 $1467 $2 $000 $003 $H14 $H61 $H58 $11 09 $050 $628
BCE $266 $050 $784 $000 $002 $81 $H20 B 82 $L.09 $115 $3048
DPL $24% $1682 8 $00 001 H44 $H14 W08 $79 $L13 05 $7313
PeccD  $2217 $2107  $809 $000 $001 $63 $H24 B2A $1002 $108 $166 $3219

Mayiad  $268 $2043 $809 $000 002 8O H2B VM 82 $L.09 $115 $3049
PIM $241 $1591 $B7H 00 $001 02 $UB P55 $472 $100 $065 $64.38
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Marginal Losses

Marginal losses are the incremental change in system real power losses caused by
changes in the system load and generation patterns.® Before June 1, 2007, the PJM
economic dispatch and LMP models did not include marginal losses. The losses were
treated as a static component of load, and the physical nature and location of power
system losses were ignored. The PJM Tariff required implementation of marginal loss
modeling when required technical systems became available. On June 1, 2007, PJM
began including marginal losses in economic dispatch and LMP models.?* The primary
benefit of a marginal loss mechanism is that it more accurately models the physical
reality of power system losses. More accurate models permit increased efficiency and
optimize asset utilization. One characteristic of marginal loss modeling is that it creates a
separate marginal loss price for every location on the power grid.

Marginal Loss Accounting

With the implementation of marginal loss pricing, PJM calculates transmission loss
charges for each PJM member. The loss charge is based on the applicable day-ahead and
real-time loss component of LMP (loss LMP). Each PJM member is charged for the cost
of losses on the transmission system, based on the difference between the loss LMP at
the location where the PJM member injects energy and the loss LMP where the PJM
member withdraws energy. For purposes of this report, only the real-time load loss costs
are calculated. The load loss costs are calculated by multiplying the total load for a zone
by the applicable loss component of LMP. Table 40 shows the total load loss costs for
Maryland related zones for the 2007/2008 period. Table 41 shows the monthly total load
loss costs for Maryland related zones for the 2007/2008 period.

Table 40 Total Maryland load loss costs (Dollars (Millions)): June, 2007 through May,
2008

Total Load Loss

Control Zone Costs
AP ($35.7)
BGE $77.6
DPL $55.7
Pepco-MD $28.4
Total $126.0

2 For additional information, see the 2007 State of the Market Report, Volume II, Appendix J,

“Marginal Losses.”

24 For additional information, see PJM. “Open Access Transmission Tariff” (December 10, 2007),

Section 3.4, Original Sheet No. 388G.
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Table 41 Total Maryland load loss costs by month (Dollars (Millions)): June 2007
through May 2008

Marginal Loss Costs by Control Zone (Millions)

Grand

Jun. Jul Aug Sep Oct Nov Dec Jan Feb Mar Apr May Total

AP ($3.7) ($4.3) ($6.1) ($1.7) ($2.3) ($2.2) ($2.1) ($3.4) (%$2.5) ($3.0) ($2.5) ($2.1)] ($35.7)
BGE $58 $7.2 $9.2 $73 $55 $40 %66 $7.2 $7.0 $52 $6.0 $6.7| $77.6
DPL $41 $58 $59 $45 $33 $33 $56 $6.1 $55 $43 $33 $40| $55.7
Pepco-MD $25 $29 $34 $29 $19 $1.3 $23 $26 $22 $19 $2.2 $24| $284
Total $8.7 $116 $124 $131 $84 $65 $12.4 $125 $122 $84 $9.0 $11.0 | $126.0

Demand-Side Response (DSR)

The PJM Economic Load-Response Program is a PJM-managed accounting mechanism
that provides for payment of the savings that result from load reductions to the load-
reducing customer. Such a mechanism is required because of the complex interaction
between the wholesale market and the retail incentive and regulatory structures faced
by both load-serving entities (LSEs) and customers. The broader goal of the Economic
Program is a transition to a structure where customers do not require mandated
payments, but where customers see and react to market prices or enter into contracts
with intermediaries to provide that service. Even as currently structured, however, the
Economic Program represents a minimal and relatively efficient intervention into the
market. Table 42, Table 43 and Table 44 show the cost of the Economic DSR program,
and the cost per MWh of reduction by Maryland aggregate for each of the January 1,
2006 to May 31, 2006; June 1, 2006 through May 31, 2007; and June 1, 2007 to December
31, 2007 periods. The costs of the DSR program on a per MWh basis are included in the
Ancillary Services section under “other costs.”

Table 42 Cost of the Economic DSR program by Maryland aggregate: June 2005
through May 20062

Charges Reductions (MWh) $/MWh of reduction
Customer LSE Zonal LSEs Customer LSE Zonal LSEs
AP $3,229,928 $1,395,159 72,195 $45 $19
BGE $767,415 $1,284,904 13,633 $56 $94
DPL $431,825 $5,137,185 40,956 $11 $125
Pepco-MD $0 $0 0 $0 $0
Total $4,429,168 $7,817,248 126,784 $35 $62

% Table 42 through Table 44 show data by PJM dispatched zones. These measures do not
exclude customers that are in the zone but not in the state.
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Table 43 Cost of the Economic DSR program by Maryland aggregate: June 2006
through May 2007

Charges Reductions (MWh) $/MWh of reduction
Customer LSE Zonal LSEs Customer LSE Zonal LSEs
AP $4,091,589 $1,086,405 97,820 $42 $11
BGE $2,808,854 $6,395,590 69,845 $40 $92
DPL $193,400 $834,041 8,884 $22 $94
Pepco-MD $1,338,790 $1,446,753 33,269 $0 $43
Total $8,432,633 $9,762,790 209,819 $40 $47

Table 44 Cost of the Economic DSR program by Maryland aggregate: June 2007
through December 2007

Charges Reductions (MWh) $/MWh of reduction
Customer LSE Zonal LSEs Customer LSE Zonal LSEs
AP $54,336 $22,332 983 $55 $23
BGE $2,326,316 $3,147,839 32,058 $73 $98
DPL $8,433 $6,154 139 $61 $44
Pepco-MD $374,828 $1,038,660 13,185 $0 $0
Total $2,763,913 $4,214,985 46,366 $60 $91

Balancing Operating Reserve Rate

Day-ahead and real-time operating reserve credits are paid to generation owners under
specified conditions in order to ensure that units are not required to operate for the PJM
system at a loss. Sometimes referred to as uplift or revenue requirement make whole,
these payments are intended to be one of the incentives to generation owners to offer
their energy to the PJM Energy Market at marginal cost and to operate their units at the
direction of PJM dispatchers. These credits are paid by PJM market participants as
operating reserve charges.

If a unit is selected to operate in the PJM Day-Ahead Energy Market but the market
revenues for the entire day resulting from that operation are insufficient to cover all
offer components, including startup and no-load, then day-ahead operating reserve
credits ensure that all offer components are covered.® If a generator, scheduled to
operate in the Real-Time Energy Market, operates as directed by PJM dispatchers but the
market revenues for the entire day resulting from that operation are insufficient to cover
all offer components, then balancing operating reserve credits ensure that all offer
components are covered.

% QOperating reserve credits are also provided for pool-scheduled energy transactions, for
generating units operating as condensers not as synchronized reserve, for the cancellation of
pool-scheduled resources, for units backed down for reliability reasons, for units performing
black start tests and for units providing quick start reserve.
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The level of operating reserve credits paid to specific units depends on the level of the
unit’s energy offer, the unit's operating parameters as well as the decisions of PJM
operators. Operating reserve credits result in part from decisions by PJM operators, who
follow reliability requirements and market rules, to start units or to keep units operating
even when hourly LMP is less than the offer price including energy, startup and no-load
offers.

From the perspective of those participants paying operating reserve charges, these costs
are an unpredictable and unhedgeable component of the total cost of energy in PJM.
While reasonable operating reserve charges are an appropriate part of the cost of energy,
market efficiency would be improved by ensuring that the level of operating reserve
charges is as low as possible consistent with the reliable operation of the system and that
the allocation of operating reserve charges reflects the reasons that the costs are
incurred.

The balancing operating reserve rate equals the total daily amount of balancing
operating reserve credits divided by total daily deviations. It is calculated daily. Table 45
shows the PJM total and average per MWh cost to load of Balancing Operating Reserve
charges for each of the January 1, 2006 to May 31, 2006; June 1, 2006 through May 31,
2007; and June 1, 2007 to December 31, 2007 periods.

Figure 5, Figure 6 and Figure 7 show the monthly average balancing operating reserve
rates for PJM for each of the January 1, 2006 to May 31, 2006; June 1, 2006 through May
31, 2007; and June 1, 2007 to December 31, 2007 periods.

Table 45 PJM Total and average $/MWh of load, load balancing charges by period:
June 2005 through December 2007

Total Load

Balancing Charges
June 1, 2005 to May 31, 2006 $310,320,132 48 $0.44
June 1, 2006 to May 31, 2007 $169 245 028 45 $0.24
June 1, 2007 to December 31, 2007 $142 673,923 60 $0.34
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Figure 5 Monthly average balancing operating reserve rate for PJM: June 2005 through
May 2006
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Figure 6 Monthly average balancing operating reserve rate for PJM: June 2006 through
May 2007
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Figure 7 Monthly average balancing operating reserve rate for PJM: June 2007 through
December 2007
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Capacity Markets

Effective June 1, 2007, the PJM Capacity Credit Market (CCM), which had been the
market design since 1999, was replaced with the Reliability Pricing Model (RPM)
Capacity Market construct. The CCM consisted of the Daily, Interval, Monthly and
Multimonthly CCM.?” The CCM was intended to provide a transparent, market-based
mechanism for retail LSEs to acquire the capacity resources needed to meet their
capacity obligations and to sell capacity resources when no longer needed to serve load.
The Daily CCM permitted LSEs to match capacity resources with short-term shifts in
retail load while the Interval, Monthly and Multimonthly CCMs provided mechanisms
to match longer-term obligations to serve load with capacity resources.

The RPM market design differs from the CCM market design in a number of important
ways. The RPM is a forward-looking, annual, locational market, with a must-offer

27 PJM defined three intervals for its CCM. The first interval extended for five months and ran
from January through May. The second interval extended for four months and ran from June
through September. The third interval extended for three months and ran from October
through December.
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requirement for capacity and mandatory participation by load, with performance
incentives for generation, that includes clear, market power mitigation rules and that
permits the direct participation of demand-side resources. CCM, in contrast, was a daily,
single-price, voluntary balancing market that included less than 10 percent of total PJM
capacity, that had weak performance incentives, that had no explicit market power
mitigation rules and that did not permit the participation of demand-side resources.

Under RPM, capacity obligations are annual. Under CCM, capacity obligations were
daily. Under RPM, auctions are held for delivery years that are three years in the future.
Under CCM daily, monthly and multimonthly auctions were held. Under RPM, prices
are locational and may vary depending on transmission constraints.?® Under CCM,
prices were the same, regardless of location. Under RPM, sell offers are unit-specific.
Under CCM, offers were non-unit-specific capacity credits. Under RPM, existing
generation capable of qualifying as a capacity resource must be offered into RPM
Auctions, except for the fixed resource requirement (FRR) option. Under CCM, there
was no must-offer rule after June 2000. Under RPM, participation by LSEs is mandatory,
except for the FRR option. Under CCM, there was no mandatory participation in the
CCM auctions. Under RPM, there is an administratively determined demand curve that
defines scarcity pricing levels and that, with the supply curve derived from capacity
offers, determines market prices. Under CCM the demand was defined by participant
buy bids. Under RPM there are performance incentives for generation. Under CCM the
only performance incentive was the direct relationship between historical EFORd and
the amount of capacity that could be sold. Under RPM there are explicit market power
mitigation rules that define structural market power, that define offer caps based on the
marginal cost of capacity and that do not limit prices offered by new entrants. Under
CCM, there were no explicit market power mitigation rules. Under RPM, demand-side
resources may be offered directly into the auctions and receive the clearing price. Under
CCM, demand-side resources could not be offered directly into the market.

From June 2005 through May 2006, the volume-weighted, average price for the entire
CCM was $4.53 per MW-day (Table 46). From June 2006 through May 2007, the volume-
weighted, average price for the entire CCM was $5.22 per MW-day (Table 47). These
prices applied to all PJM load including load in each Maryland zone.

28 Transmission constraints are local capacity import capability limitations (low capacity
emergency transfer limit (CETL) margin over capacity emergency transfer objective (CETO))
caused by transmission facility limitations, voltage limitations or stability limitations.
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Table 46 PJM capacity prices: June 2005 through May 2006
CCM Combined Markets

Weighted-Average Price

($ per MW-day)
Jun-05 $7.76
Jul-05 $7.13
Aug-05 $5.69
Sep-05 $5.54
Oct-05 $4.14
Nov-05 $3.80
Dec-05 $3.65
Jan-06 $7.89
Feb-06 $2.65
Mar-06 $2.60
Apr-06 $2.49
May-06 $2.19
Average $4.53

Table 47 PJM capacity prices: June 2006 through May 2007
CCM Combined Markets

Weighted-Average Price

($ per MW-day)
Jun-06 $10.28
Jul-06 $8.57
Aug-06 $7.09
Sep-06 $6.98
Oct-06 $5.30
Nov-06 $5.08
Dec-06 $4.55
Jan-07 $3.83
Feb-07 $3.17
Mar-07 $3.02
Apr-07 $3.06
May-07 $3.03
Average $5.22

Under RPM, Maryland is included in three locational deliverability area (LDA) markets.
BGE and PEPCO are in the SWMAAC LDA market, DPL is in the EMAAC LDA market
and AP in the RTO market. The net load price that SWMAAC LSEs pay from June 2007
through May 2008 is $139.67 per MW-day (Table 48). This value is the final zonal
capacity price ($188.05 per MW-day) less the final CTR credit rate ($48.38 per MW-day).
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The net load price that SWMAAC LSEs pay from June 2007 through May 2008 is $177.00
per MW-day (Table 48). This value is the final zonal capacity price ($197.67 per MW-
day) less the final CTR credit rate ($20.16 per MW-day). The net load price that RTO
LSEs will pay from June 2007 through May 2008 is $40.69 per MW-day, which is the final
zonal capacity price. The CTR MW value allocated to load in an LDA is the LDA UCAP
obligation less the cleared generation internal to the LDA less the ILR forecast for the
LDA. This MW value is multiplied by the locational price adder for the LDA to arrive at
the economic value of the CTRs allocated to the load in the LDA. This value is then
divided by the LDA UCAP obligation to arrive at the final CTR credit rate for the LDA.
The final CTR credit rate is an allocation of the economic value of transmission import
capability that exists in constrained LDAs and serves to offset a portion of the locational
price adder charged to load in constrained LDAs.

Table 48 RTO, SWMAAC and EMAAC RPM capacity prices: June 2007 through May
2008

EMAAC SWMAAC RTO

($ per MW-day) ($ per MW-day) ($ per MW-day)

Resource clearing price $197.67 $188.54 $40.80
Final zonal capacity price $197.16 $188.05 $40.69
Final zonal CTR credit rate $20.16 $48.38 $0.00
Net load price $177.00 $139.67 $40.69

Table 49 shows the zone and aggregate specific average per MWh cost of capacity for
each of the January 1, 2006 to May 31, 2006; June 1, 2006 through May 31, 2007; and June
1, 2007 to December 31, 2007 periods.

Table 49 Capacity cost per MWh by zone and aggregate by period: June 2005 through
December 2007

Period AP BGE DPL Pepco-MD MD PIM
June 1, 2005 - May 31, 2006 $0.02 $0.02 $0.02 $0.02  $0.02 $0.02
June 1, 2006 - May 31, 2007 $0.03 $0.03 $0.03 $0.03  $0.03 $0.03
June 1, 2007 - December 31, 2007 $2.49 $10.25 $14.08 $10.12  $12.77 $3.67

Ancillary Services

The United States Federal Energy Regulatory Commission (FERC) defined six ancillary
services in Order 888: 1) scheduling, system control and dispatch; 2) reactive supply and
voltage control from generation service; 3) regulation and frequency response service; 4)
energy imbalance service; 5) operating reserve — synchronized reserve service; and 6)
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operating reserve — supplemental reserve service.?? Of these, PJM currently provides
regulation, energy imbalance and synchronized reserve services through market-based
mechanisms. PJM provides energy imbalance service through the Real-Time Energy
Market. PJM provides the remaining ancillary services on a cost basis. Table 50 shows
total ancillary service charges for PJM by ancillary service for each of the January 1, 2006
to May 31, 2006; June 1, 2006 through May 31, 2007; and June 1, 2007 to December 31,
2007 periods. Table 51 shows the total ancillary service related charges an and the per
MWh charge for ancillary services for each of the January 1, 2006 to May 31, 2006; June 1,
2006 through May 31, 2007; and June 1, 2007 to December 31, 2007 periods.

Table 50 Total Ancillary Service Charges by Charge Type and Period: June 2005
through December 2007

June 1, 2005 to June 1, 2006 to June 1, 2007 to

Charge Type May 31, 2006 May 31, 2007 December 31, 2007
Other Charges $467,959,429.28 $508,629,219.77 $303,263,140.76
Regulation $543,286,970.12 $408,909,565.48 $279,520,134.80
Synchronized Reserve $93,168,175.67 $80,275,057.36 $41,362,527.32

Table 51 Total Ancillary Service Charges and Cost of Ancillary Services per MWh, by
Period: June 2005 through December 2007

Ancillary Services $/MWh cost of
Period Charges Ancillary Services
June 1, 2005 to May 31, 2006 $1,104,414,575.07 $1.55
June 1, 2006 to May 31, 2007 $997,813,842.61 $1.40
June 1, 2007 to December 31, 2007 $624,145,802.88 $1.47

Regulation matches generation with very short-term changes in load by moving the
output of selected generators up and down via an automatic control signal.* Regulation
is provided, independent of economic signal, by generators with a short-term response
capability (i.e., less than five minutes) or by demand-side response (DSR). Longer-term
deviations between system load and generation are met via primary and secondary
reserve and generation responses to economic signals. Synchronized reserve is a form of
primary reserve. To provide synchronized reserve a generator must be synchronized to

2 75 FERC { 61,080 (1996).
3 Regulation is used to help control the area control error (ACE). See 2007 State of the Market

Report, Volume II, Appendix F, “Ancillary Service Markets,” for a full definition and
discussion of ACE.
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the system and capable of providing output within 10 minutes. Synchronized reserve
can also be provided by DSR. The term, Synchronized Reserve Market, refers only to
supply of and demand for Tier 2 synchronized reserve.

Both the Regulation and Synchronized Reserve Markets are cleared on a real-time basis.
A unit can be selected for either regulation or synchronized reserve, but not for both.
The Regulation and the Synchronized Reserve Markets are cleared interactively with the
Energy Market and operating reserve requirements to minimize the cost of the
combined products, subject to reactive limits, resource constraints, unscheduled power
flows, interarea transfer limits, resource distribution factors, self-scheduled resources,
limited fuel resources, bilateral transactions, hydrological constraints, generation
requirements and reserve requirements.

PJM does not provide a market for reactive power, but does ensure its adequacy through
member requirements and scheduling. Generation owners are paid according to the
FERC-approved, reactive revenue requirements. Charges are allocated to network
customers based on their percentage of load, as well as to point-to-point customers
based on their monthly peak usage.

The MMU analyzed measures of market structure, conduct and performance of the PJM
Regulation Market and of its two Synchronized Reserve Markets for 2007, comparing
market results to 2006 and to certain other prior years.3!

The ancillary services markets have had several unique geographies, and structures
during the timeframe of this study.

Regulation Market:

Period 1a: June 1, 2005 — July 31, 2005 (PJM Mid-Atlantic market)

Period 1b: August 1, 2005 — May 31, 2006 (Combined Regulation Market)
Period 2: June 1, 2006 — May 31, 2007 (Combined Regulation Market)

Period 3: June 1, 2007 — December 31, 2007 (Combined Regulation Market)

31 During calendar years 2004 and 2005, PJM conducted the phased integration of five control
zones: ComEd, American Electric Power (AEP), The Dayton Power & Light Company (DAY),
Duquesne Light Company (DLCO) and Dominion. By convention, control zones bear the
name of a large utility service provider working within their boundaries. The nomenclature
applies to the geographic area, not to any single company. For additional information on the
integrations, their timing and their impact on the footprint of the PJM service territory, see
the 2007 State of the Market Report, Volume II, Appendix A, “PJM Geography.”

© Monitoring Analytics 2009 | www.monitoringanalytics.com 45



Spinning Market:

Period 1: June 1, 2005 — May 31, 2006 (PJM Mid-Atlantic market)

Period 2a: June 1, 2006 — January 31, 2007 (PJM Mid-Atlantic market)
Period 2b: February 1, 2007 — May 31, 2007 (Combined Spinning Market)
Period 3: June 1, 2007 — December 31, 2007 (Combined Spinning Market)

Regulation Market

PJM consolidated its Regulation Markets into a single Combined Regulation Market, on
a trial basis, effective August 1, 2005. The MMU concludes from the analysis of the 2006
data that the PJM Regulation Market in 2006 was characterized by structural market
power in 26 percent of the hours.®> This conclusion is based on the results of the three
pivotal supplier test. The MMU also concludes that PJM’s consolidation of its Regulation
Markets resulted in improved performance and in increased competition compared to
the PJM Mid-Atlantic Regulation Market or the Western Region Regulation Market on a
stand-alone basis.®* The MMU also concludes that the performance of the Regulation
Market was more competitive in calendar year 2006 than during the first 12 months of
the Regulation Market, August 1, 2005, through July 31, 2006.

The market structure of the 2007 PJM Regulation Market remained similar to the market
structure of the 2006 Regulation Market. DSR participation was introduced in 2006, but
demand-side resources did not qualify and make offers in the Regulation Market in
either 2006 or 2007. These conclusions are based on improved HHI results and fewer
hours during which there were three pivotal suppliers. The combined market results
include the effects of the current mitigation mechanism which offer caps the two
dominant suppliers in every hour. The MMU continues to conclude that it would be
preferable to retain the existing, experimental single PJM Regulation Market as the long-
term market if appropriate mitigation can be implemented that addresses only the hours
in which structural market power exists and which therefore provides an incentive for
the continued development of competition.

32 This is the same conclusion reached in the MMU report on the first year of the Combined
Regulation Market. See Market Monitoring Unit, “Analysis of the Combined Regulation
Market:  August 1, 2005 through July 31, 2006” (October 18, 2006)
<http://www.pjm.com/markets/market-monitor/downloads/MMU-reports/20061018-MMU-
regulation-market-report.pdf> (76.1 KB).

32005 State of the Market Report (March 8, 2006), pp. 260-263.
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Total capability is a theoretical measure of maximum regulation capability offered. The
level of regulation resources offered on a daily level and the level of regulation resources
both offered and eligible to participate on an hourly level in the market were lower than
the total regulation capability. Although regulation is offered daily, eligible regulation
changes hourly. Typically less regulation is eligible to be assigned during off-peak hours
because fewer steam units are running during those hours. Table 52 shows capability,
daily offer, average hourly eligible MW, offered MW as a percentage of regulation
capacity and eligible MW for all hours by the defined market periods.3*

Table 52 PJM Regulation capability, daily offer and hourly eligible

Offer MW as Eligible MW as

Daily Percentage Daily percentage of

Capacity Offered MW of Capacity Eligible MW Capacity

Period la 2692 1265 47 878 33
Period 1b 5773 3331 58 2062 36
Period 2 7095 3916 55 2332 33
Period 3 7165 4126 58 1923 27

Although most hours had a market participant with a market share greater than 20
percent, the highest annual average hourly market share by a company was 15.6 percent.
The top six period specific average hourly market shares for cleared regulation are listed
in Table 53.

Table 53 Highest annual average Regulation Market shares

Rank

Order Period 3 Period2 Period 1b
1 15.6% 14.4% 12.6%
2 12.5% 12.3% 10.6%
3 10.8% 12.2% 10.6%
4 10.7% 10.3% 9.8%
5 7.6% 7.9% 9.8%
6 7.1% 7.1% 9.5%

When all eligible regulating units whose price is less than, or equal to, the market-
clearing price times 1.5 are included in the definition of the relevant market, 57 percent
of hours failed the one pivotal supplier test during period 3, 50 percent of the hours

34 Period 1la: June 1, 2005 — July 31, 2005 (PJM Mid-Atlantic market), Period 1b: August 1, 2005 — May 31,
2005 (Combined Regulation Market), Period 2: June 1, 2006 — May 31, 2007 (Combined Regulation
Market), Period 3: June 1, 2007 — December 31, 2007 (Combined Regulation Market).
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failed the three pivotal supplier test during period 2 and 57 percent of the hours failed
the three pivotal supplier test during period 1b (See Table 54.)

The MMU concludes from these results that the PJM Regulation Market in all three
periods was characterized by structural market power. This conclusion is based on the
pivotal supplier results and, in particular, on the results of the three pivotal supplier test
with a market definition that includes all offers with a price less than, or equal to, 1.50
times the market-clearing price.

Table 54 Regulation Market pivotal suppliers

Hours with Three Pivotal

Suppliers (Percent)

Period 3 7%
Period 2 50%
Period 1b 57%

Table 55 shows the PJM Regulation Market daily MW weighted average market-clearing
price, MW weighted lost opportunity cost and MW weighted offer price by defined
period.3

Table 55 PJM Regulation Market daily average market-clearing price, lost opportunity
cost and offer price (Dollars per MW)

Load Load weighted Average

weighted average lost Regulation

average opportunity \ETG

Period offer price cost clearing price
Period 3 $12.99 $22.63 $37.30
Period 2 $11.63 $26.64 $34.99
Period 1b $9.30 $40.45 $45.65
Period 1la $13.37 $42.32 $54.11

Figure 8, Figure 9 and Figure 10 show the monthly average daily regulation market
clearing prices, lost opportunity costs daily operating reserve rates for PJM for each of

%  The structural and behavioral issues in the Regulation Market were addressed by the
implementation of the three pivotal supplier test effective January 1, 2008.

%  Period la: June 1, 2005 - July 31, 2005 (PJM Mid-Atlantic market), Period 1b: August 1, 2005 —
May 31, 2005 (Combined Regulation Market), Period 2: June 1, 2006 — May 31, 2007
(Combined Regulation Market), Period 3: June 1, 2007 — December 31, 2007 (Combined
Regulation Market).
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the January 1, 2006 to May 31, 2006; June 1, 2006 through May 31, 2007; and June 1, 2007
to December 31, 2007 periods.

Figure 8 PJM Regulation Market daily average market-clearing price, lost opportunity
cost and offer price (Dollars per MW): January 2006 through May 2006
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Figure 9 Period 2 PJM Regulation Market daily average market-clearing price, lost
opportunity cost and offer price (Dollars per MW): June 2006 through May 2007

$160
Regulation Offer Price
Regulation Lost Opportunity Cost
$140
Regulation market-clearing price
$120
$100
$80
$60 ‘\ ‘l 1
| | 1 I |
I I Il |
$40 ’ Iy AMV‘ M‘ ‘ " | /‘ ‘
W u | \/W h W \ N\ b k
$20 ‘ 1) ) ‘ ‘ | ‘ “ [
W.M‘l.\' l‘ “h“ M |’i}“ 'l‘ “‘,x M‘ o\
* Jun Jul Aug Sep Oct Nov Dec Jan Feb Mar Apr May

© Monitoring Analytics 2009 | www.monitoringanalytics.com 49



Figure 10 PJM Regulation Market daily average market-clearing price, lost
opportunity cost and offer price (Dollars per MW): June 2007 through December 2007
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Synchronized Reserve Market

The structure of each Synchronized Reserve Market has been evaluated and the MMU
has concluded that these markets are not structurally competitive as they are
characterized by high levels of supplier concentration and inelastic demand. (The term,
Synchronized Reserve Market, refers only to Tier 2 synchronized reserve.) As a result,
these markets are operated as markets with market-clearing prices and with offers based
on the marginal cost of producing the service plus a margin. As a result of these
requirements, the conduct of market participants within these market structures has
been consistent with competition, and the market performance results have been
competitive. Prices for synchronized reserve in the RFC Synchronized Reserve Zone and
in the Southern Synchronized Reserve Zone are market-clearing prices determined by
the supply curve and the administratively defined demand. The cost-based
synchronized reserve offers are defined to be the unit-specific incremental cost of
providing synchronized reserve plus a margin of $7.50 per MWh plus lost opportunity
cost calculated by PJM.

There was a significant change in the operation of the Synchronized Reserve Market in
the last quarter of 2007 as PJM relied less on the market and more on out-of-market
purchases of spinning reserve for local needs. Beginning in October and increasing
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substantially in November and December, there was an increase in the amount of
combustion-turbine-based, synchronized condenser MW added by PJM market
operations to the Synchronized Reserve Market after market clearing. MW added after
the market cleared accounted for more than 50 percent of total synchronized reserve
MW purchased in December.

The increase in out-of-market purchases indicates that the Synchronized Reserve Market
is not functioning to coordinate supply and demand. It is not clear why the additional
synchronized reserve requirements cannot be procured via the market.

The Tier 2 Synchronized Reserve Market is the only Synchronized Reserve Market
cleared by PJM. Although the RFC Tier 2 Synchronized Reserve Market was less
concentrated in 2007 than the four PJM Tier 2 Synchronized Reserve Markets had been
in 2006, the 2007 RFC Synchronized Reserve Market remains highly concentrated and
dominated by a relatively small number of companies.

The pivotal supplier metric provides an analytical approach to the issue of market excess
supply and structural market power.” Table 56 shows the percentage of hours that one
or more participants failed the three pivotal supplier test in the spinning market, by
period.

Table 56 Spinning Market pivotal suppliers®

Hours with Hours with
One Pivotal Three Pivotal

Supplier Suppliers

Period (Percent) (Percent)
Period 3 0.15 0.44
Period 2b 0.06 0.71
Period 2a 0.03 0.35
Period 1 0.15 0.68

3 See the 2007 State of the Market Report, Volume II, Appendix L, “Three Pivotal Supplier Test.”

3 Period la: June 1, 2005 — July 31, 2005 (PJM Mid-Atlantic market), Period 1b: August 1, 2005 —
May 31, 2005 (Combined Regulation Market), Period 2: June 1, 2006 — May 31, 2007
(Combined Regulation Market), Period 3: June 1, 2007 — December 31, 2007 (Combined
Regulation Market).
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Market Performance
Price

Table 57 shows the load-weighted, average Tier 2 price (SRMCP « MW cleared) and the
average Tier 2 cost per MW associated with meeting PJM demand for synchronized
reserve (total credits paid « MW purchased). The price of Tier 2 synchronized reserve is
called the synchronized reserve market-clearing price (SRMCP). Resources which
provide synchronized reserve are paid the higher of the SRMCP or their offer plus their
unit-specific LOC. The offer plus the unit-specific LOC may exceed the SRMCP for a
number of reasons. If real-time LMP is greater than the LMP forecast prior to the
operating hour and included in the SRMCP, unit-specific LOC will be higher than
forecast. Such higher LMPs can be local because of congestion or more general if system
conditions change. The additional costs of noneconomic dispatch are added to the total
cost of synchronized reserve. When some units are paid the value of their offer plus their
unit-specific LOC, the result is that PJM's synchronized reserve cost per MWh is higher
than the SRMCP.

Table 57 Spinning Price vs. Cost (Dollars per MW)

Load weighted

Spinning Reserve

Market Clearing
Price Spinning Cost
Period 1 $14.55 $19.40
Period 2a $14.93 $17.08
Period 2b $18.66 $23.34
Period 3 $11.26 $16.27

Congestion

Congestion occurs when available, least-cost energy cannot be delivered to all loads for
a period because transmission facilities are not adequate to deliver that energy to some
loads. When the least-cost available energy cannot be delivered to load in a
transmission-constrained area, higher cost units in the constrained area must be
dispatched to meet that load.*® The result is that the price of energy in the constrained
area is higher than in the unconstrained area because of the combination of transmission
limitations and the cost of local generation. Locational marginal prices (LMPs) reflect the

% This is referred to as dispatching units out of economic merit order. Economic merit order is
the order of all generator offers from lowest to highest cost. Congestion occurs when loadings
on transmission facilities mean that the next unit in merit order cannot be used and that a
higher cost unit must be used in its place.
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price of the lowest-cost resources available to meet loads, taking into account actual
delivery constraints imposed by the transmission system. Thus LMP is an efficient way
to price energy when transmission constraints exist. Congestion reflects this efficient
pricing.

Congestion reflects the underlying features of the power system including the nature
and capability of transmission facilities and the cost and geographical distribution of
generation facilities. Congestion is neither good nor bad but is a direct measure of the
extent to which there are differences in the cost of generation that cannot be equalized
because of transmission constraints. A complete set of markets would permit direct
competition between investments in transmission and generation. The transmission
system provides a physical hedge against congestion. The transmission system is paid
for by firm load and, as a result, firm load receives the corollary financial hedge in the
form of Auction Revenue Rights (ARRs) and/or Financial Transmission Rights (FTRs).
While the transmission system and, therefore, ARRs/FTRs are not guaranteed to be a
complete hedge against congestion, ARRs/FTRs do provide a substantial offset to the
cost of congestion to firm load.*

The MMU analyzed congestion and its influence on transmission zones within the state
of Maryland from June 1, 2005 through May 31, 2008.4!

Load Congestion Costs

Congestion can exist in PJM’s Day-Ahead and Real-Time Energy Market. To the extent
that a participant bids all load in the Day-Ahead Market, load is not exposed to real-time
congestion costs and pays the congestion incurred in the Day-Ahead Market.
Maryland’s SOS auctions award real time load obligations, so this analysis measures

40 See the 2007 State of the Market Report, Volume II, Section 8, “Financial Transmission and
Auction Revenue Rights,” at “ARR and FTR Revenue and Congestion.”

4 During calendar years 2004 and 2005, PJM conducted the phased integration of five control
zones: ComEd, American Electric Power (AEP), The Dayton Power & Light Company (DAY),
Duquesne Light Company (DLCO) and Dominion. By convention, control zones bear the
name of a large utility service provider working within their boundaries. The nomenclature
applies to the geographic area, not to any single company. For additional information on the
integrations, their timing and their impact on the footprint of the PJM service territory, see
the 2007 State of the Market Report, Volume II, Appendix A, “PJM Geography.”
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only the real-time exposure to real time congestion for load served by auction winners in
Maryland.#

Real-time load congestion cost at a bus is equal to the product of real-time hourly bus
demand MWh and the real-time hourly bus congestion component of LMP (CLMP). The
total real-time load congestion cost equals the summation of all real-time load
congestion costs at each bus.

The congestion costs associated with specific constraints are the sum of the total real-
time load congestion costs associated with those constraints. The congestion costs in
each zone are the sum of the congestion costs associated with each constraint that affects
prices in the zone. The network nature of the transmission system means that congestion
costs in a zone are frequently the result of constrained facilities located outside that
zone.

Congestion costs can be both positive and negative. When a constraint binds, the price
effects of that constraint vary. The system marginal price (SMP) is uniform for all areas,
while the congestion components of LMP will either be positive or negative in a specific
area, meaning that actual LMPs are above or below the SMP.# Usually a smaller area
affected by a constraint will have increased prices and the larger unconstrained system
will have lower prices. If an area is located upstream from the constrained element, the
area will experience negative congestion costs (lower prices) from that constrained
element. Conversely, positive congestion costs occur when an area is located
downstream from a constrained element.

Zonal Congestion
Summary

Real-time load congestion costs for specific zones within the state of Maryland are
presented in Table 58 by planning period. The BGE Control Zone, with $410.2 million,
incurred the most congestion charges in the June 2007 to December 2007 period. The
leading contributors to congestion in the BGE Control Zone in the June 2007 to
December 2007 period were the Bedington — Black Oak Interface and the AP South
Interface constraints. These two facilities contributed $122.9 and $63.4 million in positive
congestion costs, respectively, and together constituted 45 percent of all congestion

42 The terms congestion charges and congestion costs are both used to refer to the costs associated
with congestion. The term, congestion charges, is used in documents by PJM’s Market
Settlement Operations.

4 The SMP is the price of the distributed load reference bus. The price at the reference bus is
equivalent to the five minute real-time load weighted PJM LMP.
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charges in the BGE Control Zone. The Pepco-MD Control Zone, with $220.4 million,
incurred the second highest amount of congestion charges in the 2007 to 2008 planning
period. The leading contributors to congestion in the Pepco-MD Control Zone in the
June 2007 to December 2007 period were also the Bedington — Black Oak Interface and
the AP South Interface constraints. These two facilities contributed $77.5 and $35.9
million in positive congestion costs, respectively, and together constituted 51 percent of
all congestion charges in the Pepco-MD Control Zone.

Table 58 Load congestion cost summary (By control zone): Planning periods 2005 to
2006, 2006 to 2007, and 2007 through December 2007

Real-Time Load Congestion Costs (Millions)

Control

Zone 2005/2006 2006/2007 2007/2008 Total
AP $162.7 $119.5 $16.4 $298.6
BGE $567.5 $468.2 $410.2  $1,4459
DPL $208.5 $154.2 $121.8 $484.5
Pepco-MD $313.7 $262.7 $220.4 $796.9
Total $1,252.4  $1,004.6 $768.9  $3,025.9

Details of Zonal Congestion

Constraints were examined by zone within the state of Maryland. Zones correspond to
regulated utility franchise areas. Regions generally comprise two or more zones. PJM is
comprised of three regions: the PJM Mid-Atlantic Region with 11 control zones (the
AECO, BGE, DPL, JCPL, Met-Ed, PECO, PENELEC, Pepco, PPL, PSEG and RECO
control zones); the PJM Western Region with five control zones (the AP, ComEd, AEP,
DLCO and DAY control zones); and the PJM Southern Region with one control zone (the
Dominion Control Zone).

Table 59 through Table 70 present the top constraints affecting zonal congestion costs by
control zone within the state of Maryland, and demonstrate the influence of individual
constraints on zonal congestion costs by planning period. Total congestion costs
associated with a given constraint may be positive or negative in value. The top
constraints affecting zonal congestion costs are presented by constraint, in descending
order of the absolute value of total congestion costs. Real-time congestion-event hours
are presented for each of the highlighted constraints. Constraints can have wide-ranging
effects, influencing prices across multiple zones.
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Maryland Zonal Congestion-Event Summaries
AP Control Zone

Table 59 through Table 61 shows the constraints with the largest impacts on total
congestion cost in the AP Control Zone by planning period. In the 2007 to 2008 planning
period, the Meadowbrook transformer and Kammer transformer were the largest
contributors to positive congestion costs while the Bedington — Black Oak Interface and
the Western Interface were the largest contributors to negative congestion costs. In the
2006 to 2007 planning period, the Bedington transformer and the Cloverdale — Lexington
line were the largest contributors to positive congestion while the Branchburg—
Readington line and the Western Interface contributed to negative congestion. In the
2005 to 2006 planning period, the Kammer transformer and the Doubs transformer
constraints were the largest contributors to positive congestion while the Cedar Grove
— Roseland line and the 5004/5005 Interface contributed to negative congestion.

Table 59 AP Control Zone top congestion cost impacts (By facility): Planning period
2007 to 2008 through December 31 2007

Real Time Congestion Costs (Millions)

Load Congestion
Constraint Type Location Costs

Bedington - Black Oak Interface 500 ($45.3) 1,383
Meadow Brook Transformer AP $45.0 278
Kammer Transformer 500 $35.7 1,270
Bedington Transformer AP $30.6 453
West Interface 500 ($25.2) 453
Elrama - Mitchell Line AP $16.1 798
5004/5005 Interface Interface 500 ($15.5) 398
East Towanda Transformer PENELEC ($13.2) 716
Sammis - Wylie Ridge Line AP $12.3 370
Cloverdale - Lexington Line AEP $9.2 1,756
Branchburg - Readington Line PSEG ($8.0) 527
Mount Storm - Pruntytown Line AP ($7.3) 198
Doubs Transformer AP $5.5 97
Atlantic - Larrabee Line JCPL ($4.4) 463
Dickerson - Plesant View Line Pepco ($4.2) 163
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Table 60 AP Control Zone top congestion cost impacts (By facility): Planning period

2006 to 2007

Real Time Congestion Costs (Millions)

Load Congestion

Constraint Type Location Costs
Branchburg - Readington Line PSEG ($53.6)
Bedington Transformer AP $42.3
Cloverdale - Lexington Line AEP $37.6
Bedington - Black Oak Interface 500 $36.5
Meadow Brook Transformer AP $23.3
Kammer Transformer 500 $18.1
West Interfface 500 ($17.0)
5004/5005 Interface Interface 500 ($14.5)
Wylie Ridge Transformer AP $13.2
Aqueduct - Doubs Line AP ($10.9)
Cedar Grove - Roseland Line PSEG ($10.4)
Cedar Grove - Clifton Line PSEG ($10.0)
South Mahwah - Waldwick Line PSEG $9.7
Muskingum River - Ohio Central ~ Line AEP ($7.9)
AP South Interface 500 $7.7

Event
Hours
794
459
1,589
1,676
236
459
374
352
696
119
329
479
82

25
158

Table 61 AP Control Zone top congestion cost impacts (By facility): Planning period

2005 to 2006

Real Time Congestion Costs (Millions)

Load Congestion

Constraint Type Location Costs
Kammer Transformer 500 $76.9
Doubs Transformer AP $56.1
Cedar Grove - Roseland Line PSEG ($46.9)
Bedington - Black Oak Interface 500 $39.5
Meadow Brook Transformer AP $35.1
Wylie Ridge Transformer AP $32.1
5004/5005 Interface Interface 500 ($31.0)
Branchburg - Readington Line PSEG ($25.3)
Branchburg Transformer PSEG ($20.5)
Beck - Middleport Flowgate Midwest ISO ($19.2)
Kanawha - Matt Funk Line AEP $17.9
West Interface 500 ($16.7)
Doubs - Mount Storm Line 500 $14.2
Bedington Transformer AP $13.9
Mount Storm - Pruntytown Line AP $13.3
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Hours
1,805
655
657
1,966
221
1,849
595
309
269
61
965
307
580
219
971
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BGE Control Zone

Table 62 through Table 64 shows the constraints with the largest impacts on total
congestion cost in the BGE Control Zone. In the 2007 to 2008 planning period, the
Bedington — Black Oak Interface and AP South Interface were the largest contributors to
positive congestion costs while the Branchburg— Readington line and the Atlantic —
Larrabee line were the largest contributors to negative congestion costs. In the 2006 to
2007 planning period, the Bedington — Black Oak Interface and the Cloverdale —
Lexington line were the largest contributors to positive congestion while the
Branchburg— Readington line and the Cedar Grove — Roseland line contributed to
negative congestion. In the 2005 to 2006 planning period, the Bedington — Black Oak
Interface and the Doubs — Mount Storm line were the largest contributors to positive
congestion while the Cedar Grove — Roseland line and the Branchburg— Readington
line contributed to negative congestion.

Table 62 BGE Control Zone top congestion cost impacts (By facility): Planning period
2007 to 2008 through December 31 2007

Real Time Congestion Costs (Millions)

Load Congestion

Constraint Type Location Costs
Bedington - Black Oak Interface 500 $122.9 1,383
AP South Interfface 500 $63.4 555
Cloverdale - Lexington Line AEP $50.2 1,756
Kammer Transformer 500 $335 1,270
West Interfface 500 $23.6 453
Conastone Transformer BGE $14.3 56
Mount Storm - Pruntytown Line AP $135 198
Branchburg - Readington Line PSEG ($13.1) 527
Waugh Chapel Transformer BGE $115 31
Brunner Island - Yorkana Line Met-Ed $10.6 157
Bedington Transformer AP $8.6 453
Sammis - Wylie Ridge Line AP $8.5 370
Atlantic - Larrabee Line JCPL ($7.2) 463
Wylie Ridge Transformer AP $6.5 316
5004/5005 Interface Interface 500 $6.4 398
© Monitoring Analytics 2009 | www.monitoringanalytics.com 58



Table 63 BGE Control Zone top congestion cost impacts (By facility): Planning period

2006 to 2007

Constraint

Bedington - Black Oak
Cloverdale - Lexington
Branchburg - Readington
Mount Storm - Pruntytown
AP South

Brighton

Kammer

West

Loudoun - Morrisville
Wylie Ridge

Aqueduct - Doubs

Cedar Grove - Roseland
Cedar Grove - Clifton
Bedington

Graceton - Raphael Road

Type
Interface
Line
Line
Line
Interface

Transformer
Transformer

Interface
Line

Transformer

Line
Line
Line

Transformer

Line

Real Time Congestion Costs (Millions)

Location
500
AEP
PSEG
AP

500
Pepco
500

500
Dominion
AP

AP
PSEG
PSEG
AP

BGE

Load Congestion
Costs
$199.5

$76.7
($43.0)
$36.8
$26.3
$16.0
$15.5
$15.3
$14.7
$13.1
$10.6
($8.9)
($8.6)
$8.5
$8.1

Event
Hours
1,676
1,589
794
491
158
62
459
374
87
696
119
329
479
459
65

Table 64 BGE Control Zone top congestion cost impacts (By facility): Planning period

2005 to 2006

Constraint

Bedington - Black Oak
Doubs - Mount Storm
Mount Storm - Pruntytown
Kammer

Wylie Ridge

Cedar Grove - Roseland
Kanawha - Matt Funk
Doubs

Branchburg - Readington
Cloverdale - Lexington
AP South

5004/5005 Interface
West

Beck - Middleport
Branchburg

Type
Interface
Line

Line
Transformer
Transformer
Line

Line
Transformer
Line

Line
Interface
Interface
Interface
Flowgate
Transformer

Real Time Congestion Costs (Millions)

Location
500

500

AP

500

AP
PSEG
AEP

AP
PSEG
AEP

500

500

500
Midwest ISO
PSEG
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Load Congestion

Costs

$195.2

$99.6
$73.3
$69.4
$42.8
($36.9)
$32.2
$24.8
($19.8)
$19.8
$18.2
$16.7
$14.9
($14.8)
($12.5)

Event
Hours
1,966
580
971
1,805
1,849
657
965
655
309
569
174
595
307
61
269
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DPL Control Zone

Table 65 through Table 67 shows the constraints with the largest impacts on total
congestion cost in the DPL Control Zone. In the 2007 to 2008 planning period, the
Keeney transformer and the Kammer transformer were the largest contributors to
positive congestion costs while the Branchburg— Readington line and the Atlantic —
Larrabee line were the largest contributors to negative congestion costs. In the 2006 to
2007 planning period, the Bedington — Black Oak Interface and the Cloverdale —
Lexington line were the largest contributors to positive congestion while the
Branchburg— Readington line and the Cedar Grove — Roseland line contributed to
negative congestion. In the 2005 to 2006 planning period, the Bedington — Black Oak
Interface and the Kammer transformer were the largest contributors to positive
congestion while the Cedar Grove — Roseland line and the Branchburg— Readington
line contributed to negative congestion.

Table 65 DPL Control Zone top congestion cost impacts (By facility): Planning period
2007 to 2008 through December 31 2007

Real Time Congestion Costs (Millions)

Load Congestion

Constraint Type Location Costs

Keeney At5n Transformer DPL $29.6 149
Kammer Transformer 500 $16.8 1,270
West Interfface 500 $16.6 453
AP South Interfface 500 $14.5 555
Cloverdale - Lexington Line AEP $13.8 1,756
Bedington - Black Oak Interface 500 $13.8 1,383
Branchburg - Readington Line PSEG ($12.7) 527
Atlantic - Larrabee Line JCPL ($10.9) 463
5004/5005 Interface Interface 500 $10.9 398
Sammis - Wylie Ridge Line AP $5.7 370
Conastone Transformer BGE ($4.6) 56
Wylie Ridge Transformer AP $4.5 316
Elrama - Mitchell Line AP $3.6 798
Brunner Island - Yorkana Line Met-Ed ($3.5) 157
East Towanda Transformer PENELEC $2.9 716
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Table 66 DPL Control Zone top congestion cost impacts (By facility): Planning period

2006 to 2007

Real Time Congestion Costs (Millions)

Load Congestion

Constraint Type Location Costs
Bedington - Black Oak Interface 500 $55.2
Branchburg - Readington Line PSEG ($28.0)
Cloverdale - Lexington Line AEP $26.0
5004/5005 Interface Interface 500 $12.4
West Interface 500 $11.6
Mount Storm - Pruntytown Line AP $9.7
Wylie Ridge Transformer AP $9.6
Kammer Transformer 500 $8.0
AP South Interface 500 $8.0
Keeney At5n Transformer DPL $7.9
Cedar Grove - Roseland Line PSEG ($5.5)
Cedar Grove - Clifton Line PSEG ($5.2)
South Mahwah - Waldwick Line PSEG $5.1
Loudoun - Morrisville Line Dominion $4.7
Cheswold - Kent Line DPL $4.4

Event
Hours
1,676
794
1,589
352
374
491
696
459
158
41
329
479
82

87

66

Table 67 DPL Control Zone top congestion cost impacts (By facility): Planning period

2005 to 2006

Real Time Congestion Costs (Millions)

Load Congestion

Constraint Type Location Costs
Bedington - Black Oak Interface 500 $53.5
Kammer Transformer 500 $35.5
Doubs - Mount Storm Line 500 $31.8
Wylie Ridge Transformer AP $28.7
5004/5005 Interface Interface 500 $25.9
Cedar Grove - Roseland Line PSEG ($22.3)
Mount Storm - Pruntytown Line AP $20.2
Branchburg - Readington Line PSEG ($13.0)
Chichester - Linwood Line PECO ($12.5)
Kanawha - Matt Funk Line AEP $11.4
West Interface 500 $11.4
Beck - Middleport Flowgate Midwest ISO ($8.8)
Cloverdale - Lexington Line AEP $6.8
Cedar Grove - Clifton Line PSEG ($6.2)
AP South Interface 500 $5.4
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Event
Hours
1,966
1,805
580
1,849
595
657
971
309
190
965
307
61
569
274
174
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Pepco-MD Control Zone

Table 68 through Table 70 shows the constraints with the largest impacts on total
congestion cost in the Pepco-MD Control Zone. In the 2007 to 2008 planning period, the
Bedington — Black Oak Interface and the AP South Interface were the largest
contributors to positive congestion costs while the Branchburg— Readington line and
the Atlantic — Larrabee line were the largest contributors to negative congestion costs. In
the 2006 to 2007 planning period, the Bedington — Black Oak Interface and the
Cloverdale — Lexington line were the largest contributors to positive congestion while
the Branchburg— Readington line and the Cedar Grove — Roseland line contributed to
negative congestion. In the 2005 to 2006 planning period, the Bedington — Black Oak
Interface and the Doubs — Mount Storm line were the largest contributors to positive
congestion while the Cedar Grove — Roseland line and the Branchburg— Readington
line contributed to negative congestion.

Table 68 Pepco-MD Control Zone top congestion cost impacts (By facility): Planning
period 2007 to 2008 through December 2007

Real Time Congestion Costs (Millions)

Load Congestion

Constraint Type Location Costs

Bedington - Black Oak Interface 500 $77.5 1,383
AP South Interfface 500 $35.9 555
Cloverdale - Lexington Line AEP $28.4 1,756
Kammer Transformer 500 $16.5 1,270
Mount Storm - Pruntytown Line AP $8.3 198
Bedington Transformer AP $6.7 453
West Interfface 500 $6.0 453
Branchburg - Readington Line PSEG ($5.4) 527
Doubs Transformer AP $5.2 97
Brunner Island - Yorkana Line Met-Ed $4.0 157
Brighton Transformer Pepco $3.8 27
Sammis - Wylie Ridge Line AP $3.6 370
Conastone Transformer BGE $3.6 56
Dickerson - Plesant View Line Pepco $3.3 163
Atlantic - Larrabee Line JCPL ($3.0) 463
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Table 69 Pepco-MD Control Zone top congestion cost impacts (By facility): Planning
period 2006 to 2007

Real Time Congestion Costs (Millions)

Load Congestion Event
Constraint Type Location Costs Hours
Bedington - Black Oak Interface 500 $113.6 1,676
Cloverdale - Lexington Line AEP $41.4 1,589
Mount Storm - Pruntytown Line AP $21.7 491
Branchburg - Readington Line PSEG ($19.7) 794
AP South Interface 500 $15.2 158
Brighton Transformer Pepco $11.4 62
Aqueduct - Doubs Line AP $10.9 119
Loudoun - Morrisville Line Dominion $8.8 87
Kammer Transformer 500 $7.4 459
Bedington Transformer AP $6.4 459
Doubs Transformer AP $5.9 77
Wylie Ridge Transformer AP $5.4 696
Cedar Grove - Roseland Line PSEG ($4.2) 329
Cedar Grove - Clifton Line PSEG ($4.1) 479
South Mahwah - Waldwick Line PSEG $3.7 82

Table 70 Pepco-MD Control Zone top congestion cost impacts (By facility): Planning
period 2005 to 2006

Real Time Congestion Costs (Millions)

Load Congestion Event
Constraint Type Location Costs Hours
Bedington - Black Oak Interface 500 $109.3 1,966
Doubs - Mount Storm Line 500 $55.7 580
Mount Storm - Pruntytown Line AP $42.4 971
Kammer Transformer 500 $33.3 1,805
Doubs Transformer AP $29.3 655
Wylie Ridge Transformer AP $18.4 1,849
Cedar Grove - Roseland Line PSEG ($17.0) 657
Kanawha - Matt Funk Line AEP $16.6 965
Cloverdale - Lexington Line AEP $10.6 569
AP South Interface 500 $10.0 174
Branchburg - Readington Line PSEG ($8.9) 309
Beck - Middleport Flowgate Midwest ISO ($7.3) 61
Brighton Transformer Pepco $6.9 28
Branchburg Transformer PSEG ($5.9) 269
Cedar Grove - Clifton Line PSEG ($4.8) 274
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Financial Transmission and Auction Revenue Rights

Financial Transmission Rights (FTRs) and Auction Revenue Rights (ARRs) give
transmission service customers and PJM members a hedge against congestion costs in
the Day-Ahead Energy Market. An FTR provides the holder with revenues, or charges,
equal to the difference in congestion prices in the Day-Ahead Energy Market across the
specific FTR transmission path. An ARR is a related product that provides the holder
with revenues, or charges, based on the price differences across the specific ARR
transmission path that result from the Annual FTR Auction. FTRs and ARRs provide a
hedge against congestion costs, but neither FTRs nor ARRs provide a guarantee that
transmission service customers will not pay congestion charges. ARR and FTR holders
do not need to physically deliver energy to receive ARR or FTR credits and neither
instrument represents a right to the physical delivery of energy.

Firm transmission service customers have access to ARRs/FTRs because they pay the
costs of the transmission system that enables firm energy delivery. Firm transmission
service customers receive requested ARRs/FTRs to the extent that they are consistent
both with the physical capability of the transmission system and with ARR/FTR requests
of other eligible customers.

Financial Transmission Rights

FTRs are financial instruments that entitle their holders to receive revenue or require
them to pay charges based on locational congestion price differences in the Day-Ahead
Energy Market across specific FTR transmission paths. Effective June 1, 2007, PJM added
marginal losses as a component in the calculation of LMP. The value of an FTR reflects
the difference in congestion prices rather than the difference in LMPs, which includes
both congestion and marginal losses. Auction market participants are free to request
FTRs between any pricing nodes on the system, including hubs, control zones,
aggregates, generator buses, load buses and interface pricing points. FTRs are available
to the nearest 0.1 MW. The FTR target allocation is calculated hourly and is equal to the
product of the FTR MW and the congestion price difference between sink and source
that occurs in the Day-Ahead Energy Market. The value of an FTR can be positive or
negative depending on the sink-minus-source congestion price difference, with a
negative difference resulting in a liability for the holder. The FTR target allocation
represents what the holders should receive if sufficient revenues are collected to fund
FTRs.

Depending on the amount of FTR revenues collected, FTR holders with a positively
valued FTR may receive congestion credits between zero and their target allocations.
FTR holders with a negatively valued FTR are required to pay charges equal to their
target allocations. When FTR holders receive their target allocations, the associated FTRs
are fully funded. The objective function of all FTR auctions is to maximize the bid-based
value of FTRs awarded in each auction.
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Patterns of Ownership

In order to evaluate the ownership of prevailing flow and counterflow FIRs, the MMU
categorized all participants owning FTRs in PJM as either physical or financial. Physical
entities include utilities and customers which primarily take physical positions in PJM
markets. Financial entities include banks and hedge funds which primarily take
financial positions in PJM markets. The MMU used available public information to
categorize FTR owners and while the distinctions are not perfect, they are accurate
enough to support some general conclusions. Table 71 presents the Annual FTR Auction
market concentration for cleared FTRs in the 2005 to 2006, the 2006 to 2007 and the 2007
to 2008 planning periods by control zone, organization type and FTR direction.
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Table 71 Annual FTR Auction patterns of ownership by FTR direction: Planning
periods 2005 to 2006, 2006 to 2007 and 2007 to 2008

FTR Direction

Planning Period Control Zone Organization Type Prevailing Flow Counterflow All
2005/2006 AP Physical 75.7% 28.0% 67.6%
Financial 24.3% 72.0% 32.4%

Total 100.0% 100.0% 100.0%

BGE Physical 86.5% 94.3% 90.4%

Financial 13.5% 5.7% 9.6%

Total 100.0% 100.0% 100.0%

DPL Physical 28.8% 32.5% 28.9%

Financial 71.2% 67.5% 71.1%

Total 100.0% 100.0% 100.0%

Pepco-MD Physical 45.1% 475% 45.2%

Financial 54.9% 52.5% 54.8%

Total 100.0% 100.0% 100.0%

2006/2007 AP Physical 78.0% 26.1% 71.6%
Financial 22.0% 73.9% 28.4%

Total 100.0% 100.0% 100.0%

BGE Physical 63.9% 80.7% 72.4%

Financial 36.1% 19.3% 27.6%

Total 100.0% 100.0% 100.0%

DPL Physical 56.8% 45.9% 56.1%

Financial 43.2% 54.1% 43.9%

Total 100.0% 100.0% 100.0%

Pepco-MD Physical 65.4% 64.9% 65.4%

Financial 34.6% 35.1% 34.6%

Total 100.0% 100.0% 100.0%

2007/2008 AP Physical 71.6% 13.2% 58.1%
Financial 28.4% 86.8% 41.9%

Total 100.0% 100.0% 100.0%

BGE Physical 57.3% 73.8% 63.7%

Financial 42.7% 26.2% 36.3%

Total 100.0% 100.0% 100.0%

DPL Physical 37.9% 11.4% 31.7%

Financial 62.1% 88.6% 68.3%

Total 100.0% 100.0% 100.0%

Pepco-MD Physical 76.4% 48.1% 75.5%

Financial 23.6% 51.9% 24.5%

Total 100.0% 100.0% 100.0%

Market Performance
Volume

Table 72 shows the Annual FTR Auction volume by control zone and trade type for the
2005 to 2006, the 2006 to 2007 and the 2007 to 2008 planning periods.
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Table 72 Annual FTR Auction market volume: Planning periods 2005 to 2006, 2006 to
2007 and 2007 to 2008

Bid and Bid and Uncleared
Planning Requested  Requested Cleared  Volume
Period  Control Zone Trade Type Count Volume (MW) Volume (MW)
2005/2006 AP Buy bids 591,925 67,177.8 9,197.6 137%  57,980.2 86.3%
Self-scheduled bids 296,504 74187 74187 100.0% 0.0 0.0%
Sell offers 61,664 8,421.5 1,535.0 182%  6,8925 81.8%
BGE Buy bids 207,088 28,576.0 9,300.2 325% 192757 67.5%
Self-scheduled bids 69,120 2920 2920  100.0% 0.0 0.0%
Sell offers 36,711 1,698.6 1504 89% 15481 91.1%
DPL Buy hids 552,680 725428 10,5533 145%  61,989.5 85.5%
Self-scheduled bids 40,772 246.0 246.0 100.0% 0.0 0.0%
Sell offers 49,989 7,264.4 308.2 42%  6,956.2 95.8%
Pepco-MD  Buy hids 121,302 27,7435 39330 142% 238105 85.8%
Self-scheduled bids 20,188 340.3 3403 100.0% 0.0 0.0%
Sell offers 6,154 1,105.9 24.1 22% 10819 97.8%
2006/2007 AP Buy bids 776,692 100,742.7 42713 42% 964714 95.8%
Self-scheduled bids 229,544 7,096.9 7,096.9 100.0% 0.0 0.0%
Sell offers 15,059 2,510.3 2555 102% 22549 89.8%
BGE Buy bids 318,294 45,976.1 9,333.0 20.3% 36,6431 79.7%
Self-scheduled bids 56,244 1430 143.0 100.0% 0.0 0.0%
Sell offers 66,285 3,692.7 662.5 179%  3,030.1 82.1%
DPL Buy bids 310,849 103370.8 14,0432 136%  89,327.6 86.4%
Self-scheduled bids 84,304 696.0 696.0 100.0% 0.0 0.0%
Sell offers 50,402 8,148.9 2,201.9 21.0% 59470 73.0%
Pepco-MD  Buy hids 272,114 33,390.8 5,592.9 16.7%  27,798.0 83.3%
Self-scheduled bids 12,708 1017 1017 100.0% 0.0 0.0%
Sell offers 59,003 25114 117.8 47% 23936 95.3%
2007/2008 AP Buy bids 990,536 145,234.7 7,355.7 51% 137,879.0 94.9%
Self-scheduled bids 808,276 7,754.0 7,754.0 100.0% 0.0 0.0%
Sell offers 41,277 7,709.1 314.0 41%  73%5.1 95.9%
BGE Buy bids 473,251 70,394.9 8,829.4 125%  61,565.5 87.5%
Self-scheduled bids 66,564 3934 3934  100.0% 0.0 0.0%
Sell offers 18,878 2,615.5 67.5 26% 25480 97.4%
DPL Buy bids 859,278 1755036  15,166.1 8.6% 160,337.5 91.4%
Self-scheduled bids 80,080 3927 392.7 100.0% 0.0 0.0%
Sell offers 77,183 9,587.3 3354 35% 92519 96.5%
Pepco-MD  Buy hids 376,250 36,760.6 6,572.2 179%  30,188.3 82.1%
Self-scheduled bids 12,152 55.7 55.7 100.0% 0.0 0.0%
Sell offers 31,732 34281 755 22% 33526 97.8%

Table 73 shows self-scheduled FTR data by control zone for the 2005 to 2006, the 2006 to
2007 and the 2007 to 2008 planning periods.
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Table 73 Comparison of self-scheduled FTRs: Planning periods 2005 to 2006, 2006 to
2007 and 2007 to 2008

Control Zone Self-Scheduled FTRs (MW)

2005/2006 AP 7,418.7
BGE 292.0
DPL 246.0
Pepco-MD 340.3
2006/2007 AP 7,096.9
BGE 143.0
DPL 696.0
Pepco-MD 101.7
2007/2008 AP 7,754.0
BGE 393.4
DPL 392.7
Pepco-MD 55.7

Maximum Possible Self-
Scheduled FTRs (MW)

8,050.9
3,558.8
2,128.8
3,032.8
7,940.8
4,473.9
2,615.8
3,266.6
8,399.0
5,684.9
2,758.0
2,674.1

Percent of ARRs Self-
Scheduled as FTRs

92.1%
8.2%
11.6%
11.2%
89.4%
3.2%
26.6%
3.1%
92.3%
6.9%
14.2%
2.1%

Figure 11 through Figure 14 show the bid and cleared volume for FTRs in the Monthly
FTR Auctions for each control zone by month for June 2005 through December 2007.

Figure 11 Monthly FTR auction bid and cleared volume (MW) in the AP Control
Zone: June 2005 through December 2007
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Figure 12 Monthly FTR auction bid and cleared volume (MW) in the BGE Control
Zone: June 2005 through December 2007
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Figure 13 Monthly FTR auction bid and cleared volume (MW) in the DPL Control
Zone: June 2005 through December 2007
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Figure 14 Monthly FTR auction bid and cleared volume (MW) in the Pepco-MD

aggregate: June 2005 through December 2007
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Table 74 shows the secondary bilateral FTR market volume by control zone, hedge type
and class type for the 2005 to 2006, the 2006 to 2007 and the 2007 to 2008 planning

periods.
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Table 74 Secondary bilateral FTR market volume: Planning periods 2005 to 2006, 2006
to 2007 and 2007 to 20084

Class Type

Planning Period Control Zone Hedge Type 24-Hour On Peak Off Peak All
2005/2006 AP Obligation 1,806.4 305.4 262.1 2,373.9
Option 200.0 NA 36.7 236.7

BGE Obligation 110.0 48.0 NA 158.0

Option NA NA NA NA

DPL Obligation 20.2 7.4 87.4 115.0

Option NA 75.1 3425 4175

Pepco-MD Obligation NA NA NA NA

Option NA NA NA NA

2006/2007 AP Obligation 3,919.7 9.0 19.0 3,947.7
Option NA NA NA NA

BGE Obligation 4.0 173.0 45.2 222.2

Option NA NA NA NA

DPL Obligation 384 149.0 159.0 346.4

Option NA NA NA NA

Pepco-MD Obligation NA NA NA NA

Option NA NA NA NA

2007/2008 AP Obligation 21.3 13.0 NA 34.3
Option NA 46.9 6.6 53.5

BGE Obligation NA 17.0 NA 17.0

Option NA NA NA NA

DPL Obligation NA 60.6 NA 60.6

Option NA 394 44 43.8

Pepco-MD Obligation NA NA NA NA

Option NA NA NA NA

Price

Table 75 shows the weighted-average bid price by control zone, trade type and class
type in the Annual FTR Auction for the 2005 to 2006, the 2006 to 2007 and the 2007 to
2008 planning period.

4 The 2007 to 2008 planning period covers the 2007 to 2008 Annual FTR Auction and the
Monthly Balance of Planning Period FTR Auctions through December 31, 2007.
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Table 75 Annual FTR Auction weighted-average bid prices (Dollars per MWh):
Planning periods 2005 to 2006, 2006 to 2007 and 2007 to 2008

Class Type

Planning Period Control Zone Trade Type 24-Hour On Peak Off Peak All
2005/2006 AP Buy bids $1.09  $0.12 $0.32 $0.35
Sell offers $0.11  $1.33  $1.09  $0.79

BGE Buy bids $198  $0.69  $0.35 $0.90

Sell offers ($1.18)  $0.80  ($0.28)  ($0.25)

DPL Buy bids $1.87  $1.15  $0.37 $0.90

Sell offers ($0.81)  ($0.60) ($0.53)  ($0.59)

Pepco-MD Buy bids $0.72 $0.54 $0.72 $0.66

Sell offers $5.64  $0.03 ($1.54) ($0.39)

2006/2007 AP Buy bids $2.56  ($0.02) $0.21 $0.30
Sell offers ($1.78) $0.85 $0.46  $0.66

BGE Buy bids $2.05  $0.48  $0.57 $0.79

Sell offers ($0.51) ($0.56) ($1.02) (%0.62)

DPL Buy bids $1.30 ($0.78) ($0.64)  ($0.54)

Sell offers ($0.57)  ($0.40) ($0.64) ($0.52)

Pepco-MD Buy bids $137  $151  $1.26  $1.38

Sell offers ($0.81)  ($1.85) ($1.53)  ($1.46)

2007/2008 AP Buy bids $5.76  ($1.74) ($1.98) ($0.79)
Sell offers $15.33 ($1.23)  $0.80  $0.12

BGE Buy bids $1.18  $0.22  $0.36 $0.49

Sell offers ($1.56) ($1.06) ($0.65) ($1.08)

DPL Buy bids $0.54  $0.24  $0.05  $0.20

Sell offers ($0.67) ($0.62) ($0.30) ($0.52)

Pepco-MD Buy bids $0.21 $1.08  $1.47 $0.92

Sell offers ($1.55) ($2.99) ($2.33) ($2.16)

Table 76 shows the cleared, weighted-average prices by control zone, trade type, hedge
type and class type for annual FTRs during the 2005 to 2006, the 2006 to 2007 and the
2007 to 2008 planning period.
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Table 76 Annual FTR Auction weighted-average cleared prices (Dollars per MWh):

Planning periods 2005 to 2006, 2006 to 2007 and 2007 to 2008

Planning Period Control Zone Trade Type

2005/2006 AP

BGE

DPL

Pepco-MD

2006/2007 AP

BGE

DPL

Pepco-MD

2007/2008 AP

BGE

DPL

Pepco-MD
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Buy

Self-scheduled bids
Sell offers

Buy

Self-scheduled bids
Sell offers

Buy

Self-scheduled bids
Sell offers

Buy

Self-scheduled bids
Sell offers

Buy

Self-scheduled bids
Sell offers

Buy

Self-scheduled bids
Sell offers

Buy

Self-scheduled bids
Sell offers

Buy

Self-scheduled bids
Sell offers

Buy

Self-scheduled bids
Sell offers

Buy

Self-scheduled bids
Sell offers

Buy

Self-scheduled bids
Sell offers

Buy

Self-scheduled bids

Hedge Type

Obligation
Option
Obligation
Obligation
Option
Obligation
Option
Obligation
Obligation
Option
Obligation
Option
Obligation
Obligation
Option
Obligation
Option
Obligation
Obligation
Option
Obligation
Option
Obligation
Obligation
Option
Obligation
Option
Obligation
Obligation
Option
Obligation
Option
Obligation
Obligation
Option
Obligation
Option
Obligation
Obligation
Option
Obligation
Option
Obligation
Obligation
Option
Obligation
Option
Obligation
Obligation
Option
Obligation
Option
Obligation
Obligation
Option
Obligation
Option
Obligation

24-Hour

$0.66
$0.00
$5.04
$0.75
$0.00
$3.40
$0.48
$2.34
($1.87)
NA
$2.46
$0.53
$1.52
($0.33)
NA
$2.45
$0.11
$0.60
$5.46
NA
$1.07
$0.00
$9.41
NA

NA
$1.18
NA
$3.74
($0.84)
NA
$1.94
$0.07
$0.92
($0.33)
NA
$1.31
$0.09
$1.68
($0.60)
NA
($4.68)
$0.00
$7.96
$25.40
NA
$1.08
$0.12
$1.44
$6.10
NA
$0.77
$0.75
$0.81
($0.23)
NA
$1.42
$0.17
$1.36

Class Type
On Peak Off Peak
($2.77)  ($1.44)
$0.09 $0.15
NA NA
$1.92 $0.96
($0.99)  ($1.57)
$0.48  ($0.10)
$0.32 $0.19
NA NA
$1.83  ($0.69)
($0.87) NA
$2.44 $0.71
$0.34 $0.27
NA NA
($0.23)  ($0.05)
NA  ($0.42)
$0.83 $2.81
$0.15 $0.09
NA NA
$2.00 $3.99
($1.02) NA
($2.08)  ($1.55)
$0.84 $0.72
NA NA
$0.34  ($0.27)
($0.90) ($0.97)
$0.53 $0.25
$0.38 $0.15
NA NA
$1.06  ($0.03)
($3.58) NA
$0.94 $0.54
$0.21 $0.16
NA NA
($0.71)  ($0.29)
($0.01)  ($0.02)
$1.23 $1.72
$0.60 $0.39
NA NA
($0.50)  ($3.48)
($0.94) NA
($0.82)  ($1.49)
$4.80 $0.84
NA NA
($0.14) $3.33
($4.82) ($2.52)
$0.56 $0.59
$0.91 $0.05
NA NA
($0.05)  ($0.90)
NA  ($0.15)
$0.57 $0.25
$0.49 $0.12
NA NA
$0.64 $0.02
($0.13) NA
$2.47 $2.68
$1.13 $0.32
NA NA
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Revenue

Table 77 shows Annual FTR Auction revenue data by control zone, trade type and class
type for the 2005 to 2006, the 2006 to 2007 and the 2007 to 2008 planning periods.

Table 77 Annual FTR Auction revenue: Planning periods 2005 to 2006, 2006 to 2007

and 2007 to 2008

Planning Period - Control Zone Trade Type

2005/2006 AP

Pepco-MD

2006/2007 AP

Pepco-VD

2007/2008 AP

Pepco-MD

Buy bids
Self-scheduled bids
Sell offers

Buy bids
Seff-scheduled bids
Sell offers

Buy bids
Self-scheduled bids
Sell offers

Buy hids
Seif-scheduled bids
Sell offers

Buy bids
Seif-scheduled bids
Sell offers

Buy hids
Seff-scheduled bids
Sl offers

Buy hids
Self-scheduled bids
Sell offers

Buy bids
Seif-scheduled hids
Sell offers

Buy bids
Self-scheduled bids
Sell offers

Buy bids
Seff-scheduled bids
Sl offers

Buy bids
Self-scheduled bids
Sell offers

Buy hids
Seff-scheduled bids
Sl offers

24-Hour
$6,215,084
$327,536,241
$230,9%
$24,996,075
$5,997,192
($1,143048)
$22.174,609
$3,283 244
($166,812)
$14,551,360
$1,793,887
$150,8%8
$2,901,217
$585,125,610
NA
$13,863,053
$4,684,667
($2,748,662)
$14,083 138
$5,586,504
($28,508)
$7,104,619
$1,495,906
($328,985)
($20,241,1%9)
$541,945,254
$3,792,461
$8,786,511
$4,979,758
$9,652
$10,148,789
$2,783,002
($142,8%)
$11,482,654
$664,0%
($247.416)
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Class Type
OnPeak Off Peak
($33211,069)  ($17,380,753)
NA NA
$1,974,590 $1,609,317
$717,473 ($1,219,730)
NA NA
$256,799 ($147,830)
$31,122,508 $3141,736
NA NA
($79.02) ($254,624)
$3501,151 $7,535,075
NA NA
$69,269 $25638
($4,624,008) ($4,306,180)
NA NA
($114,018) ($231L,174)
$9,334,255 $4,216,79
NA NA
$285,208 ($25,983)
$10,863 164 $6,772487
NA NA
($93,299) ($163,751)
$11,967,604 $17,060,664
NA NA
($64,915) ($626,557)
($34655%)  ($14,969403)
NA NA
($1,366,869) $676,631
$10,030,837 $7,463,306
NA NA
($9,110) ($55,183)
$17,34,073 $5,327,076
NA NA
$376,663 $7429
$25,430,947 $28,493 361
NA NA

Al
($44,376,739)
$327536,.241

$3814.908
$32493818
$5,997,192
(81,034,078)
$61,438,853
$328324
($500,459)
$25,587,586
$1,793.887
$245,805
(86,029,062)
$585,125,610
($346,09)
$27,419,107
$4,684,667
(52489437)
$30,718,789
95,586,504
($290,553)
$36,132,887
$1,495,906
($940,457)
($43,676,202)
$541,945,254
$3,002,223
$26,280,654
$4979.758
(854,641)
$32,629,938
2,783,002
$241,197
$65,406.962
$664,0%
($253883)
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Auction Revenue Rights

FTRs and ARRs are both financial instruments that entitle the holder to receive revenues
or to pay charges based on nodal price differences. FTRs provide holders with revenues
or charges based on the locational congestion price differences actually experienced in
the Day-Ahead Energy Market while ARRs are financial instruments that entitle their
holders to receive revenue or to pay charges based on prices determined in the Annual
FTR Auction.* These price differences are based on the bid prices of participants in the
Annual FTR Auction which relate to their expectations about the level of congestion in
the Day-Ahead Energy Market. The auction clears the set of feasible FTR bids which
produce the highest net revenue. In other words, ARR revenues are a function of FTR
auction participants’ expectations of locational congestion price differences in the Day-
Ahead Energy Market.

ARRs are available to the nearest 0.1 MW. The ARR target allocation is equal to the
product of the ARR MW and the price difference between sink and source from the
Annual FTR Auction. An ARR value can be positive or negative depending on the sink-
minus-source price difference, with a negative difference resulting in a liability for the
holder. The ARR target allocation represents the revenue that an ARR holder should
receive. All ARR holders receive ARR credits equal to their target allocations if total net
revenues from the Annual and Monthly Balance of Planning Period FTR Auctions are
greater than, or equal to, the sum of all ARR target allocations. ARR credits can be
positive or negative and can range from zero to the ARR target allocation. If the
combined net revenues from the Annual and Monthly Balance of Planning Period FTR

Auctions are less than that, available revenue is proportionally allocated among all ARR
holders.

Auction Revenue Right (ARR) Allocation

PJM conducts the annual ARR allocation in March of every year for the upcoming
planning period. The final results of the annual ARR allocation are available in early
April.

ARRs provide their holders with revenues, or charges, based on the price differences
across the specific ARR transmission path that result from the Annual FTR Auction.
Network service and firm, point-to-point transmission service customers request ARRs
to the control zone or load aggregation zone where they serve load. The annual ARR

4 These nodal prices are a function of the market participants” annual FTR bids and binding
transmission constraints. An optimization algorithm selects the set of feasible FIR bids that
produces the most net revenue.

© Monitoring Analytics 2009 | www.monitoringanalytics.com 75



allocation for the 2005 to 2006 and the 2006 to 2007 planning periods was a five-round
procedure:

e Stage 1. In the first stage of the allocation, network service customers can obtain
ARRs, up to their peak-load share, based on generation resources that historically
have served load in each control zone or load aggregation zone. Firm, point-to-point
transmission service customers can obtain ARRs based on the MW of firm, long-
term, point-to-point transmission service provided between the receipt and delivery
points for the historical reference year.

e Stage 2. The second stage of the allocation is a four-step procedure, with 25 percent
of the remaining system capability allocated in each step of the process. Network
service customers can obtain ARRs from any generator bus, hub, control zone or
interface to any part of their load in a control zone or load aggregation zone for
which an ARR was not allocated in the first stage. Firm, point-to-point transmission
service customers can obtain ARRs consistent with their transmission service as in
Stage 1.

For the 2007 to 2008 planning period, the annual ARR allocation was revised to include
long-term ARRs while maintaining a five-round procedure:

o Stage 1A. In the first stage of the allocation, network service customers can obtain
long-term ARRs, up to their share of the zonal baseload, after taking into account
generation resources that historically have served load in each control zone and up
to 50 percent of their historical nonzone network load. Nonzone network load is load
that is located outside of the PJM footprint. Firm, point-to-point transmission service
customers can obtain long-term ARRs, based on up to 50 percent of the MW of long-
term, firm, point-to-point transmission service provided between the receipt and
delivery points for the historical reference year.

e Stage 1B. ARRs unallocated in Stage 1A are available in the Stage 1B allocation.
Network service customers can obtain ARRs, up to their share of the zonal peak
load, based on generation resources that historically have served load in each control
zone and up to 100 percent of their transmission responsibility for nonzone network
load. Firm, point-to-point transmission service customers can obtain ARRs based on
the MW of firm, long-term, point-to-point service provided between the receipt and
delivery points for the historical reference year.

o Stage 2. The third stage of the annual ARR allocation is a three-step procedure, with
one-third of the remaining system capability allocated in each step of the process.
Network service customers can obtain ARRs from any generator bus, hub, control
zone or interface pricing point to any part of their load in a control zone or load
aggregation zone for which an ARR was not allocated in Stage 1A or Stage 1B. Firm,
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point-to-point transmission service customers can obtain ARRs consistent with their
transmission service as in Stage 1A and Stage 1B.

The winners of load in the SOS auctions can request ARRs to the control zone or load
aggregation zone where they serve load. All ARR requests will be evaluated for
simultaneous feasibility to ensure that the physical transmission system can support the
cleared set of ARRs. Cleared ARRs may be self-scheduled in full or in part into FTRs
during the first round of the Annual FTR Auction which starts in April of every year.
These ARRs and self-scheduled FTRs serve as a hedge against congestion costs for the
SOS auction winners.

Table 78 shows the ARR requested and cleared MW, ARR credits, self-scheduled FTR
MW and credits, total hedge, real-time SOS related energy charges and the percentage of
total energy charges offset by ARR and self-scheduled FIR credits, based on a peak
network load pro rata share within the AP, BGE and DPL Control Zones and the Pepco-
MD aggregate in the state of Maryland.

The ARR credits do not include the credits for the portion of any ARR that was self-
scheduled as an FTR since ARR holders purchase self-scheduled FTRs in the Annual
FTR Auction and that revenue is then paid back to the ARR holders, netting the
transaction to zero. ARR credits are calculated as the product of the ARR MW (excludes
any self-scheduled FTR MW) and the sink-minus-source price difference for the ARR
path from the Annual FTR Auction. The self-scheduled FTR credits are calculated as the
product of the self-scheduled FTR target allocation and the FIR payout ratio. The self-
scheduled FTR target allocation is equal to the product of the self-scheduled FTR MW
and the congestion price differences between sink and source that occur in the Day-
Ahead Energy Market. Over the entire PJM footprint, the FTR payout ratios were 91%
for the 2005 to 2006 planning period and 100% for the 2006 to 2007 and the 2007 to 2008
(through December 31, 2007) planning periods. The total hedge is the sum of the ARR
credits and the self-scheduled FTR credits. The Auction Related Total Energy Charges
are the peak network load pro rata share of total load related energy charges in the Real-
Time Energy Market for each control zone and planning period. The last column shows
the percent of load related real time energy charges for the SOS auction offset by the
ARRs and self-scheduled FTRs credits of the SOS auction.

As an example of zonal detail, Table 78 shows the pro rata share of load attributable to
the winners of load in the SOS auctions for the BGE Control Zone for the 2005 to 2006
planning period, requested 1,621.1 MW of ARRs, of which 729.3 MW cleared. Out of
those 729.3 MW of cleared ARRs, 95.1 MW were self-scheduled as FIRs during the
Annual FTR Auction. The total hedge of both ARR and self-scheduled FTR credits was
approximately $11.4 million. The table shows that the total of ARR and self-scheduled
FTR credits hedged about 1.81 percent of the approximately $631.7 million in total SOS
service related real time energy charges in BGE.
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Table 78 ARR and self-scheduled FTR congestion hedging by control zone for the
SOS Auction winners: Planning periods 2005 to 2006, 2006 to 2007 and 2007 to 2008
through December 31 2007

Percent of
energy charges
covered by ARR

ARR ARR and Self-
Planning Requested  Cleared Self-Scheduled  Self-Scheduled Total energy  Scheduled FTR
Control Zone Period MW MW  ARR Credits FTR MW FTR Credits Total Hedge charges Credits

2005/2006 455.3 $15,563,382 $7,600,897 23,164,279 $158,040,644 14.66%
2006/2007 417.1 369.4  $14,033,348 196.7 $15,327,289 29,360,636 $73,312,744 40.05%
2007/2008 2323 225.2 $4,947,512 104.1 $5,262,882 10,210,394 $40,693,695 25.09%
BGE 2005/2006 1,621.1 729.3 $6,332,805 95.1 $5,115,543 11,448,347 $631,718,515 1.81%
2006/2007 1,827.4 1,105.2  $16,037,500 0.0 $0 16,037,500  $1,236,911,840 1.30%
2007/2008 4,402.2 35447  $25,618,422 246.4 $2,215,812 27,834,234 $913,828,083 3.05%
DPL 2005/2006 736.8 4154 $2,300,095 419 $1,935911 4,236,006 $278,092,887 1.52%
2006/2007 853.5 559.6 $4,582,556 101.9 $814,200 5,396,756 $209,785,465 2.57%
2007/2008 7473 5311 $1,796,671 1339 $689,024 2,485,695 $133,306,226 1.86%
PEPCO MD 2005/2006 1,980.0 1,628.1 $7,302,018 153.6 $2,696,503 9,998,521 $864,052,345 1.16%
2006/2007 2,555.9 22339  $18,696,162 175.7 $109,218 18,805,380 $549,969,810 3.42%
2007/2008 2,043.9 1,7944  $11,712,484 43.2 $291,209 12,003,693 $431,450,469 2.78%

Market Performance
Volume

Table 79 lists the annual ARR allocation volume by control zone, stage and round for the
2005 to 2006, the 2006 to 2007 and the 2007 to 2008 planning periods.
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Table 79 Annual ARR allocation volume: Planning periods 2005 to 2006, 2006 to 2007
and 2007 to 2008

Bid and Bid and Cleared Uncleared
Requested  Requested Volume Cleared Volume Uncleared
Control Zone Stage Count Volume (MW) (MW) Volume (MW) Volume
2005/2006 AP Stage 1 261,312 7,947.0 7,946.9 100.0% 0.1 0.0%
Stage 2 3,169 105.4 104.0 98.7% 14 1.3%
Total 264,481 8,052.4 8,050.9 100.0% 15 0.0%
BGE Stage 1 74,496 2,920.1 2,920.1 100.0% 0.0 0.0%
Stage 2 48,640 3,346.1 638.7 19.1% 2,707.4 80.9%
Total 123,136 6,266 3,559 56.8% 2,707.4 43.2%
DPL Stage 1 79,726 1,783 1,775 99.6% 7.9 0.4%
Stage 2 58,481 1,854 354 19.1% 1,500.6 80.9%
Total 138,207 3,637 2,129 58.5% 1,508.5 41.5%
Pepco-MD  Stage 1 33,624 2,824 2,815 99.7% 9.5 0.3%
Stage 2 7,957 691 218 31.6% 472.8 68.4%
Total 41,581 3,515 3,033 86.3% 482.4 13.7%
2006/2007 AP Stage 1 301,572 8,428 7,893 93.7% 534.9 6.3%
Stage 2 80,603 638 48 7.5% 590.1 92.5%
Total 382,175 9,066 7,941 87.6% 1,125.0 12.4%
BGE Stage 1 103,071 3,171 3,053 96.3% 1185 3.7%
Stage 2 50,568 4,079 1,421 34.8% 2,657.7 65.2%
Total 153,639 7,250 4,474 61.7% 2,776.2 38.3%
DPL Stage 1 110,645 1,863 1,863 100.0% 0.0 0.0%
Stage 2 58,194 2,062 753 36.5% 1,309.1 63.5%
Total 168,839 3,925 2,616 66.6% 1,309.1 33.4%
Pepco-MD  Stage 1 45,429 2,949 2,926 99.2% 23.3 0.8%
Stage 2 21,736 875 341 39.0% 533.7 61.0%
Total 67,165 3,824 3,267 85.4% 556.9 14.6%
2007/2008 AP Stage 1A 259,003 4,614 4,614 100.0% 0.0 0.0%
Stage 1B 199,353 3,781 3,781 100.0% 0.0 0.0%
Stage 2 68,604 299 5 1.5% 294.2 98.5%
Total 526,960 8,693 8,399 96.6% 294.2 3.4%
BGE Stage 1A 113,262 2,686 2,686 100.0% 0.0 0.0%
Stage 1B 7,869 658 658 100.0% 0.0 0.0%
Stage 2 41,538 3,739 2,341 62.6% 1,398.3 37.4%
Total 162,669 7,083 5,685 80.3% 1,398.3 19.7%
DPL Stage 1A 152,473 1,737 1,737 100.0% 0.0 0.0%
Stage 1B 35,753 167 167 100.0% 0.0 0.0%
Stage 2 92,293 2,343 853 36.4% 1,490.0 63.6%
Total 280,519 4,248 2,758 64.9% 1,490.0 35.1%
Pepco-MD  Stage 1A 33,133 1,399 1,399 100.0% 0.0 0.0%
Stage 1B 23,906 995 995 100.0% 0.0 0.0%
Stage 2 31,481 1,483 280 18.9% 1,203.4 81.1%
Total 88,520 3,878 2,674 69.0% 1,203.4 31.0%
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